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Foreword

This primer is the culmination of a project sponsored by the Energy Conservation
Committee of the National Association of Regulatory Utility Commissioners (NARUCQ).
In 1990, the Energy Conservation Committee formed a Subcommittee on Gas Integrated
Resource Planning to examine technical and policy issues relevant to integrated resource
planning (IRP) for gas utilities. The purpose of this effort is to provide the same useful
discussion of issues for regulators as had been achieved through two previous handbooks
related to IRP for electric utilities. We gratefully acknowledge the outstanding work
which has been accomplished by Chuck Goldman, Alan Comnes, John Busch and
Stephen Wiel of the Lawrence Berkeley Laboratory and express our appreciation for the
project funding provided by the Department of Energy (DOE) through the Assistant
Secretary for Energy Efficiency and Renewable Energy.

This primer addresses utility and regulatory considerations which are relevant to the
strategic planning process in the provision of natural gas utility service. Such strategic
planning is key to the prudent operations of gas utilities, just as it is for electric utilities.
An optimum resource selection process should not be viewed as new to either industry,
but rather is already or should have been an integral part of a given company’s
operations. This primer is not intended to serve as a handbook, but rather as a treatise
exploring considerations which are worthy of review by those willing to give the subject
of IRP for natural gas fair and objective consideration. One of the very purposes of this
project is to compare key similarities and differences between strategic planning
processes for electric and gas utilities. While IRP for electric utilities has received more
attention, that does not make it more important, particularly to the customers of gas
utilities.

As background research was in progress, the Energy Policy Act of 1992 (EPACT) was
passed which requires state regulatory commissions to consider whether it is appropriate
to implement IRP for gas utilities. The EPACT requirements positively affect the
timeliness and relevancy of this primer because it provides state commissions and their
staffs with information on technical and policy issues they will face in their consideration
of gas IRP,

We believe an unprecedented and successful effort has been made in the development of
the primer to obtain input and comments from industry groups, consumer representatives
and technical experts through the formation and active involvement of a Technical
Advisory Group (see “Acknowledgements”). This document has also been reviewed
extenstvely by individuals from the NARUC Energy Conservation and Gas Committees
and their respective Staff Subcommittees. Over 40 individuals contributed their ideas
during this project, and helped assure that this primer provides a fair and balanced
treatment of gas IRP policy and technical issues. We sincerely thank those individuals

xi



who together have contributed hundreds of hours improving the quality and usefulness
of the report.

As this primer goes to press in the fall of 1993, many Local Distribution Companies
(LDCs) and their customers are experiencing significant price increases as the result of
implementation of FERC Order 636 and increased demand for natural gas. Pricing trends
and multiple choices for supply make state-of-the-art resource planning for natural gas
critical.

We trust that you, the reader, will find this primer to be a resource of great value.

Commissioner Steve Ellenbecker Commissioner Jo Ann Kelly
Gas IRP Subcommittee Chair Gas Committee Liaison

Paul Newman
Lead Staffmember, Gas IRP Subcommittee

xii



Acknowledgements

We would like to express our appreciation to Commissioner Steve Ellenbecker and Paul
Newman of the Gas IRP subcommittee of the NARUC Energy Conservation Committee,
for their support and insights on this project as well as their management, without which
this primer could not have become a reality. Special thanks also go to Dr. Robert San
Martin, Dr. Alan Hoffman, Andrew Krantz, and Diane Pirkey of the Department of
Energy’s Office of Utility Technologies for their review comments and financial support.

We received substantial input and comments from Commissioner Jo Ann Kelly of the
Gas Committee and various members of the NARUC Staff Subcommittee on Gas,
including William Adams, Henry Einhorn, Tom Kennedy, Billy Kwan, Dave Mosier,
Bill Staniey, and John Zekoil. _

Helpful comments came from various members of the NARUC Energy Conservation
Committee, including Janet Besser, Bonnie Copeland, Commissioner Ron Eachus, Jim
Gallagher, John Hague, Jim Kaul, Joseph Jenkins, Mark Stacy, Mary Beth Tighe, and
Rick Weston.

We would like to thank members of the Technical Advisory Group (TAG) for their
efforts. They generously devoted their time to this project and gave valuable information.
TAG members made significant contributions through their review comments of the work
plan and various drafts of this primer as well as participation and presentations at several
workshops. TAG members include:

Mike Armiak
ANR Pipeline

Paul Buckley
Office of the
Maryland People's
Counsel

Mark Caudill

Ed Overstreet
Atlanta Gas Light
Company

Adrian Chapman
Washington Gas
Light

Theresa Flaim
Bill Hamilton
Niagara Mohawk
Power Corporation

William Harding
Bethlehemn Steel

Bruce Henning
Eric Wise
American Gas
Association

Rick Hornby

Tellus Institute

Patrick Hughes
Oak Ridge National
Laboratory

Val Jensen
ICF Incorporated

Ken Kazmer
Gas Research
Institute

Steven Kline
PG&E

Sandy McClesky
Natural Gas Supply
Associalion

Craig McDonald
Dean White

Synergic Resources
Corporation

Luc Piessens
Wisconsin Gas
Company

Gary Simon
Cambridge Energy
Research Associates

Richard
Tempchin
Edison Electric
Institute

Gene Waas
Peoples Gas Light
and Coke Company

Janet Walrod
Resource Planning
Group



We also want to thank the following individuals and organizations for their review
comments and/or technical information: David Boonin (Philadelphia Gas Commission),
Steven Braithwait (Christensen Associates), Joe Eto (LBL), Martha Hewett (Center for
Energy and Environment), Paul Galen (NREL), William Krause, Heather McKeage and
Rebecca Cantrell (Enron Gas Services), Steve Nadel (ACEEE), Jonathan Raab, and Don
Schultz (California Division of Ratepayer Advocates). Jonathan Raab also acted as
facilitator at a Technical Advisory Group meeting which reviewed the first draft.

Finally, the authors want to give special thanks to Ellen Hodges for report design,
graphics, production, and editing and to Nan Wishner for technical editing.

The work described in this report was funded by the Assistant Secretary of Energy
Efficiency and Renewable Energy, Office of Utility Technologies, Office of Energy
Management Division of the U.S. Department of Energy under Contract No. DE-AC03-
768F00098.



Executive Summarx

State public utility commissions (PUCs) have taken increased interest in integrated
resource planning (IRP) for gas local distribution companies (LDCs). IRP involves a
process used by utilities to assess a comprehensive set of supply- and demand-side
options based upon consistent planning assumptions to create a resource mix that reliably
satisfies customers’ short-term and long-term energy service needs at the lowest total
cost. Consideration of gas IRP by state PUCs is driven by several factors:

* environmental concerns and energy policies at the national and state levels
that emphasize reliance on environmentally acceptable, domestic energy
resources;

* internal dynamics and changes in the gas industry; and

* developments in the electric power industry (e.g., widespread use of IRP
processes in that industry).

The growing energy and environmental concerns of the U.S. government are illustrated
by the Energy Policy Act of 1992 (EPACT). EPACT includes provisions that encourage
energy efficiency and requires state PUCs to consider use of integrated resource planning
by gas LDCs.

During the past fifteen years, profound changes in the U.S. gas industry have resulted
from market forces and regulatory policies (see Figure ES-1)(Arthur Andersen &
Company and Cambridge Energy Research Associates 1988). Gas wellhead prices were
deregulated and vibrant markets for spot gas, short-term contracts, and futures have
developed, which allow producers and gas marketers to sell directly to LDCs and large-
volume end users. In a series of Federal Energy Regulatory Commission (FERC) Orders
(436, 500, 636), interstate pipelines were required to provide open access to end users
and gas marketers/brokers, completely unbundle their merchant and transportation
services, develop capacity release mechanisms, and shift to a “straight-fixed variable”
rate design. The resulting industry restructuring has had a major impact on gas utilities
who must now become active managers of their own gas supply portfolios, choosing
among different suppliers and developing the proper mix of short- and long-term supply.
LDCs are faced with deciding whether to develop their own gas supply portfolios or
contract out portfolio aggregation and rebundling functions to other parties (e.g.,
producers, pipeline affiliates, marketers).

State regulators face the challenge of managing and responding to the competitive forces
that have been unleashed by gas industry restructuring. PUCs will have to decide to what



Figure ES-1. Evolution of Gas Marketing

Consumers

N Commercial Gas
— Consumers
Gas Gas Pipeline Local Distribution I

Before Restructuring —>|Residential Gas I

Producers [>| Companies Companies

Industrial Gas
—>|co nsumers

Electric Utility Gas
—>|Consumers

After Restructuring

Gas Pipeline
—>| Companies

Residential Gas
Consumers

Electric Utility Gas
Consumers

Gas o
Producers -

YV

Local Distribution
Companies

| Industrial Gas

~

> | Consumers <— Commercial Gas
Consumers

Gas
| Marketers/Brokers —

Source: Arthur Andersen & Company, and Cambridge Energy Research Associates 1988




extent they want to extend and replicate FERC policies and goals for pipelines in their
regulation of gas LDCs. State PUCs and gas LDCs are likely to continue recent trends
in which they distinguish between captive core and large volume noncore customers in
terms of the services offered, the extent of regulation, and their obligation to serve.
Current procedures for monitoring gas supply costs and reliability may also have to be
adapted in the period after FERC Order 636. State PUCs must also consider differences
between electric and gas utility industries when developing appropriate regulatory policies
and expectations for gas LDCs.

Some states have adopted formal gas IRP regulations with mixed success; regulators of
adopting states were influenced by the electricity industry’s IRP paradigm and tried to
transfer that approach to the gas industry. In some cases, PUCs were also attempting
to be consistent in their treatment of regulated energy industries or wanted to facilitate
statewide integrated electric and gas planning.

Table ES-1 highlights differences between the U.S. gas and electric industries in five
major areas: industry structure and organization, planning practices, end-use market
characteristics, avoided supply costs, and access to retail utility service. Distinctive
features of gas LDCs compared to electric utilities include a lack of vertical integration,
shorter planning horizons, a focus on supply procurement and distribution system
expansion rather than generation capacity expansion, more intense competition in end-use
markets, and lower avoided supply costs. Low avoided gas supply costs mean that it is
more difficult for gas conservation programs conducted by gas utilities to pass cost-
effectiveness tests.

Integrated resource planning for gas LDCs is one approach for state PUCs to consider
in addressing the challenges of gas industry restructuring. An IRP regulatory process
may typically involve:

¢ a formal integrated resource plan presented by a gas LDC in a regulatory
forum that is separate from rate cases;

* explicit consideration of a wide variety of supply- and demand-side options;
* public participation in the development and/or review of the resource plan;

¢ review, and possibly approval, of the utility’s plan by a regulatory
commission.
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Table ES-1. Differences Between Gas and Electric Utilities

Industry Structure

and QOperation

Planning Practices

End-Use Market
Characteristics

Avoided Supply Costs

Access to Retail Utility

Service

Vertically-
integrated,
except for new
generation

10-30 yrs

Electricity is an
essential
service

More difficult
to fuel switch

Higher than gas
when adjusted
for equivalent
energy services
provided
Methods
reasonably well
developed

Virtually
universal

Separate firms
handle
production,
Transmission
& Distribution
(T&D)
Prominence of
storage

1-10 vyrs

Gas service is
optional

Core and
noncore
markets

Methods still
evolving

Not as widely
available as
electric

Potential benefits of gas IRP cited by proponents include:

* IRP provides documentation and support for the strategic planning activities
of gas LDCs;

¢ IRP may provide for implicit or explicit risk-sharing on major supply and
capacity decisions between utilities and regulators;
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* IRP helps overcome market barriers and imperfections that inhibit penetration
of high-efficiency end-use options, and by encouraging gas DSM, may
provide new opportunities for high-efficiency gas technologies where societal
benefits can be demonstrated;

* IRP facilitates public participation and input in resource planning;

* IRP helps facilitate coordinated energy and environmental planning.

Others involved in the gas industry believe that there are significant drawbacks to gas
IRP regulatory processes. They conclude that significant differences between electric and
gas utilities mean that the benefits captured by a formal IRP proceeding are likely to be
small and will not justify the additional transaction costs of such a process. They are
generally supportive of some IRP objectives (e.g., fair consideration of supply- and
demand-side options, development of appropriate evaluation criteria for DSM programs),
but conclude that the regulatory process associated with addressing IRP objectives should
be far less complex and costly than approaches typically used for electric IRP. In
critiquing the value of gas IRP regulatory processes, they raise the following issues:

* The direct and indirect costs of an additional gas IRP regulatory process can
be substantial, and the benefits are uncertain and likely to be small. Critics
note that gas IRP processes often involve significant amounts of utility,
regulatory, and third party staff time, which could be better spent, given
limited resources, on other activities. Concerns over the costs of the process
are important because the potential benefits of gas IRP are inherently less than
those that can be realized by an electric IRP process. Supply-side decisions
for gas LDCs do not imply large, long-term irreversible cost commitments
and competitive gas markets limit opportunities for a public process to further
reduce gas costs.

* A gas IRP regulatory process, particularly one that implies regulatory
preapproval, is incompatible with the development of a competitive gas
industry.

* The gas conservation potential that can be acquired cost-effectively by an
LDC is relatively small because much of the economic potential will be
captured through government appliance and building standards and codes.
Moreover, the potential scope for developing cost-effective energy efficiency
programs is less for gas utilities than for electric utilities because gas avoided
costs are lower.



Both proponents and critics of gas IRP regulatory processes agree that strategic planning
is critically important for gas LDCs. To some degree, the incremental benefits of a
formal IRP process will depend on the extent to which a LDC’s existing strategic
planning process already includes and adequately addresses IRP goals and objectives.
Alternative regulatory approaches can achieve many of the goals of IRP for gas LDCs;
a variety of regulatory strategies are currently being considered and tested by state PUCs.

The primary focus of this primer is on technical and analytical issues that gas LDCs and
state regulators are likely to confront in attempting to achieve IRP objectives and goals.
A 1991 survey conducted by the National Association of Regulatory Utility
Commissioners (NARUC) found that a lack of information on various IRP-related
technical and analytical issues limited consensus. This primer, prepared at the request of
NARUC’s Energy Conservation Committee, is intended to fill the informational gap.
Because gas IRP is a relatively new phenomenon and there is less consensus on accepted
practices, many topics in the primer cannot be treated in a definitive manner; instead they
are treated through a discussion of alternative approaches and their implications.

Gas IRP Methods and Models

Regardless of whether gas IRP is pursued through a formal regulatory process or set of
methods that are overlaid upon existing business and regulatory practices, IRP requires
the coordination of several major areas of utility resource planning: demand forecasting,
supply-side resource selection, demand-side resource selection, resource integration, and
financial and rate forecasting. This coordination should begin with a clear set of
objectives that define the mission of the gas local distribution company. IRP objectives
usually include the minimization of private or social costs as well as other objectives that
address rate impacts, equity impacts, and utility financial health. A simplified
representation of the analysis framework and the relationships among various areas is
shown in Figure ES-2,

Demand forecasting may be conducted using econometric or end-use models, or models
that combine both. Most gas utilities currently use econometric methods to forecast
residential and commercial sector demand. End-use models have advantages in an IRP
context because the impacts of utility DSM programs can be reflected in the load forecast
more easily and because underlying assumptions and key appliance stocks and efficiencies
are more understandable to nonutility parties. The complexity of demand forecasting will
increase for LDCs in the post-636 era because of increases in the size and variety of
customers that purchase transport-only services from gas LDCs,

During resource integration, the utility analyzes in detail supply- and demand-side options
that have emerged from screening processes and selects a mix of resource options that
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Figure ES-2. Analysis Framework for Gas IRP
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best meets its IRP goals and objectives. An important resource integration issue is where
to incorporate the effects of gas DSM programs: as a modification of customer demands
or as a resource option that is selected, along with supply-side resources, in the gas
dispatch and capacity expansion models (see Figure ES-2).

Uncertainty is a critical factor in gas utility resource planning, One of the major
contributions of IRP has been its emphasis on analytic techniques that explicitly assess
risks associated with uncertainties in key variables. These techniques include:



* sensitivity analysis—key input variables are varied over a plausible range to
determine their impact on results;

® probabilistic analysis—probability distributions are assigned to key input
variables, and outcomes are computed for all possible input variable
combinations or by Monte Carlo techniques; and

® scenario analysis—optimal resource plans are developed for various future
scenarios based on sets of internally consistent assumptions,

Commercially-available computer models exist for almost every aspect of gas IRP,
including integrated models. Most gas LDCs have chosen to link inputs and outputs of
individual, detailed models into an integrated process rather than relying on integrated
planning models where linkages among the major analysis areas are handled
automatically by the model. The advantage of the linked, detailed approach is that it
allows gas LDCs to use their organization’s existing model capabilities.

Gas IRP Technical and Policy Issues

This primer addresses six major technical and policy issues that utilities and state
regulators are likely to confront when conducting IRP: (1) gas supply and capacity
planning in an increasingly competitive industry environment, (2) methods used to
estimate gas avoided costs, (3) economic analysis of DSM programs, (4) assessment of
the potential for gas DSM, (5) end-use fuel substitution, and (6) financial aspects of gas
DSM.

Gas LDC Supply and Capacity Planning in the Post-636 Era

Regulatory and market changes in the U.S. gas industry mean that LDCs now have a
very broad array of supply and capacity options to choose among for gas supply
planning; they can no longer rely on gas pipelines for supply management. The primer
focuses on four general topics: (1) existing and emerging supply and capacity resource
options, (2) major supply and capacity planning methods and issues, (3) approaches to
PUC oversight of gas LDC procurement decisions, and (4) gas system reliability and
contingency planning.



Major strategies used by LDCs to achieve gas supply planning goals include:

¢ relying on a portfolio of gas supplies that is diversified with respect to gas
supply owner, contract term, and, if possible, supply basin and transport
facility;

* managing price risks in a post-636 world by complimenting physical gas
supply contracts with financial contracts (i.e., futures, options, swaps, and
other types of forward contracts); and

* managing the load shape of gas purchased from the producer either by
diversifying demand amongst different groups of customers, using storage or
peak-shaving facilities to manage load shape, or by developing buyback
provisions for certain sales customers.

The primer highlights a number of issues that arise in capacity planning, including:
* methods of screening resource options and limitations of such analysis;

* detailed capacity expansion planning methods including iterative simulations
and optimization models;

* storage resources as an alternative to pipeline supply: functions of storage
(i.e., daily balancing, seasonal balancing, peak-day protection, and price
benefits) and maximizing efficient use of different types of storage resources;

* the build vs. buy problem for an LDC; that is, a consideration of increased
reliance on third parties for various types of capacity (e.g., joint ventures for
storage resources, firm capacity sold by brokers or marketers as part of
bundled product); and

* incorporation of potential for retail bypass into the capacity planning process.

In addition to cost considerations, gas L.DCs review the reliability implications of gas
supply and capacity options. Gas LDCs develop reliability goals over the planning
horizon and attempt to balance the need for reliable service and reasonable cost.
Historically, gas system reliability planners have depended heavily on prescriptive rules.
Gas system reliability planning will most likely evolve under IRP and in response to
ongoing industry restructuring. Increased competition will be a double-edged sword for
many LDCs, LDCs will determine the appropriate reliability standard for all LDC
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customers and, to retain load, LDCs will have to focus more on the reliability provided
to all customers, including customers formerly satisfied with interruptible service.
However, the possibility of building additional facilities to provide reliability will be
limited by price competition from alternative fuels and bypass alternatives.

IRP processes could lead to greater use of benefit-cost studies to determine LDC-specific
reliability standards as well as inclusion of the potential reserve margin benefits of DSM
options. In addition to reliability planning, gas LDCs can maximize the reliability of an
existing system by developing contingency plans. Contingency plans include steps a
utility can quickly take to acquire supply during periods of critical demand and detailed
curtailment plans to minimize the negative consequences of any curtailment,

Methods for Estimating Gas Avoided Costs

In IRP, it is crucial for the utility to develop estimates of the gas system’s avoidable
costs associated with supply-side resources in order to evaluate the economic benefits of
DSM resources. Avoided supply costs are also useful in initial screening of incremental
gas supply capacity contracts or capacity projects as well as cost allocation and rate
design. This primer presents four methods for calculating avoided gas costs: system
marginal cost, generic proxy approach, targeted marginal approach, and average cost
methods. Each method starts from a common point, which is a base case supply plan
that meets the projected gas demand forecast.

* System marginal cost—avoided costs are estimated by taking the difference
between the total change in system costs between the base case supply plan
and a supply plan that is developed for a new demand forecast that includes
the effect of the DSM program, which is divided by the size of the decrement
on a volumetric basis.

* Generic proxy approach—an avoidable resource (or resources) is selected
from the base case supply plan, and the costs of this resource are used as the
basis for avoided costs.

* Targeted marginal approach—supply resources are segmented by the type of
demands that they principally serve (e.g., base, temperature-sensitive, peaking
loads), and the highest cost supply in each category is identified and its costs
allocated to the corresponding demand impact.

* Average cost methods—the unit cost of all supply resources is estimated based
on a weighted average of their respective volumetric contribution to the total
gas sendout.



Table ES-2. Issues in Estimating Gas Avoided Costs

“Component

Commodity ................... ¢ Uncertainty in future gas
commaodity costs
* |mpact of reduced takes on
firm contracts may be
constrained by minimum
take or gas inventory
charge (GIC) provisions

Capacity . ........... ..., ¢ Short-term vs. long-term

perspective

®  Duration of existing firm
capacity contracts

e Market demand and price
uncertainty for existing
capacity {capacity release)

* Reallocation of pipeline
fixed costs

¢ Treatment of commodity-
related capacity
investments

* (Cost allocation methods for
long-lived facility
investments

Local Transmission & Distribution
{(T&D) and Customer Costs. . . ...... * Frequently not avoidable by
most DSM programs

Two key issues that arise in estimating gas avoided costs are accounting for the
uncertainty in future gas commodity costs explicitly through sensitivity analysis and
accurately assessing capacity-related costs that are actually avoidable by a DSM program

(see Table ES-2).



Figure ES-3. Interrelationship of Standard DSM Benefit-Cost Tests
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Economic Analysis of DSM Programs

The economic analysis of DSM programs or measures relies heavily on results of
multiple benefit-cost tests that attempt to capture program impacts from the perspective
of different affected parties (e.g., participating customers, nonparticipating ratepayers,
utility, and society). Figure ES-3 provides an overview of these tests and emphasizes the
relationships among them.

This primer reviews various technical issues that arise in the application of the benefit-
cost tests: appropriate discount rates, period of analysis, inclusion of effects of free
riders, analysis of programs that affect multiple fuels, and additional considerations for
interruptible and transport-only customers. Key policy issues are also discussed:
appropriate use and limitations of the benefit-cost tests in the IRP framework,
implications for PUCs of establishing a primary test and the debate over usage of the
Total Resource Cost (TRC) test vs. the Ratepayer Impact Measure (RIM) test, underlying
assumptions of TRC vs. RIM tests regarding markets for energy efficiency and the
impact of market imperfections, and alternatives to the standard benefit-cost tests.
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Assessing Gas DSM Potential

Assessing the magnitude and cost of DSM resources is an important activity, in part
because it provides utilities with information on one of the underlying rationales for IRP:
whether or not there are significant quantities of cost-effective DSM resources that can
be captured by utility DSM programs. This primer reviews results of recent gas DSM
potential studies and provides technical information on individual gas equipment
efficiency measures and strategies that are applicable to the residential and commercial
sectors. Opportunities to improve end-use efficiency often involve multiple measures and
strategies for a broad range of end uses.

In the residential sector, the economic gas savings potential ranged from 5 to 47% of
total sector sales among nine LDC case studies, with a median value of 24%. In the
commercial sector, the economic gas savings potential ranged from 8 to 23% of total
sector sales, with a median value of 15%. In interpreting the results, it is important to
understand distinctions between technical, economic, and achievable potential:

e Technical Potential is an estimate of possible energy savings based on the
assumption that existing appliances, equipment, building shell measures, and
processes are replaced with the most efficient commercially available units,
regardless of cost, without any significant change in lifestyle or output.

® Economic Potential is an estimate of the portion of technical potential that
would occur assuming that all energy-efficient options will be adopted and all
existing equipment will be replaced whenever it is cost effective to do so
based on a prespecified economic criteria, without regard to constraints such
as market acceptance and rate impacts.

* Achievable Potential is an estimate of the energy savings that would occur if
all cost-effective, verifiable, energy-efficient options promoted through utility
DSM programs were adopted. Achievable potential excludes efficiency gains
that will be achieved through normal market forces and by existing or future
standards or codes.

Differences in gas efficiency potential are attributable to differences in physical stock,
initial efficiency levels, heating loads, and climate severity among utilities as well as
differences in study methods (comprehensiveness as indicated by measures and end uses
considered) and assumptions (e.g., criteria used to establish the cost-effectiveness
threshold). These results suggest that gas DSM potential is more limited than U.S.
electric utilities’ DSM potential; similar studies of electric utilities’ DSM potential give
estimates of between 25-50% of the applicable sector’s sales.
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This primer reviews key issues involved in designing, implementing, and evaluating gas
DSM programs. Themes that are discussed include:

¢ the match between end-use technologies, customer segments, and program
delivery mechanisms in designing DSM programs;

* strategies to minimize rate impacts in the design of DSM programs;
* opportunities for joint electric-gas DSM programs in certain market segments;
* innovative DSM program strategies (e.g., market transformation); and

* the importance of program evaluation.

End-Use Fuel Substitution

High-efficiency gas and electrical equipment can potentially substitute for one another in
many applications. Fuel substitution programs can be defined as programs that substitute
for energy-using equipment with a competing energy source by promoting or providing
an incentive for efficiency improvements associated with the fuel conversion. These
programs have been quite controversial, in part because significant tensions exist between
the natural gas and electricity sectors of the U.S. economy. The two industries compete
for residential and commercial space conditioning, water heating, cooking, and drying
equipment markets in many parts of the U.S. The competition between electric and gas
utilities has been, and continues to be, profoundly influenced by federal and state
regulation. With the advent of IRP, PUCs have encouraged more active interventions
in end-use markets by utilities (primarily electric utilities).

For regulators, a central issue is whether the efficient selection of fuels in certain end-use
markets by consumers can be improved upon through an IRP planning process that
explicitly considers fuel substitution opportunities, or whether current utility marketing
practices result in a better social outcome. At a minimum, controversies over fuel
substitution policies should result in PUCs reviewing their policies on promotional
practices and DSM program implementation (e.g., incentive levels to customers) to
ensure that existing utility DSM programs are not introducing undesirable distortions into
consumers’ fuel choice decisions. The gas industry has raised concerns that electric DSM
programs have the effect of encouraging customers to adopt electric technologies when
gas options would be more economically efficient.

Proponents of utility-funded fuel substitution programs argue that DSM programs should
not be restricted to higher efficiency products using the same fuel but that utilities should
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identify and promote (if necessary) cost-effective fuel substitution opportunities for their
customers as part of their IRP process. Opponents argue that mandatory fuel substitution
would, in effect, require one utility to subsidize sales by its competitors at the expense
of its remaining customers,

This primer explores the various pros and cons to utility fuel substitution programs and
identifies the various policy approaches that are available to state regulators. In addition,
technical opportunities for fuel substitution in the residential and commercial sector are
described, including electric-to-gas options and gas-to-electric options. In evaluating fuel-
switching opportunities, utilities should consider the relative site- and source-energy
efficiency of technologies using each fuel, the load shape impacts on each utility, relative
gas and electric avoided costs, price volatility and uncertainty of the respective fuels, and
environmental impacts and tradeoffs. Arguments that have been raised by proponents
and opponents in the fuel substitution debate are reviewed, and case studies of the
experiences of eight state PUCs are presented in order to describe alternative regulatory
approaches (Vermont, California, Georgia, Wisconsin, Oregen, Maryland, Colorado, and
New York). The primer also discusses several policy and programmatic issues that state
regulators are likely to confront if they choose to address fuel substitution policies
explicitly: economic and other evaluation criteria, cost allocation and responsibility,
customer equity issues, and treatment of unregulated fuels.

Financial Aspects of Gas DSM

Significant disincentives may exist under traditional rate regulation that dampen utility
enthusiasm for energy efficiency opportunities. These disincentives include failure to
recover DSM program costs, negative financial impact on gas utility earnings because
of reduced sales, and loss of financial opportunities because the utility may forego more
profitable supply-side investments. The primer discusses various strategies that address
the financial impacts of gas DSM on utility earnings:

* DSM program cost recovery including timing issues (e.g., general rate cases
versus frequent proceedings or deferred accounts) and expensing versus
ratebasing;

* net lost revenue adjustment mechanisms, which allow the utility to recover
margin lost from customers due to specific DSM programs;

* revenue decoupling mechanisms, which make utilities financially indifferent

to short-term changes in sales and essentially guarantee that utilities will
recover their authorized nonfuel revenues regardless of sales fluctuations; and
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* various types of positive financial incentives for utility shareholders: an
incentive rate-of-return, a bounty paid based on specific accomplishments, or
shared savings in which the utility keeps a fraction (5-30%) of the net
resource value provided by the DSM program.

Various methods to allocate DSM program costs are also examined because many gas
consumers are price-sensitive, and competitive impacts can affect LDC profitability.

Conclusion

Although this primer is not intended to resolve major regulatory policy issues, it should
contribute to the discussion and development of planning methods that have broad
acceptance among regulators and gas utilities.



Chapter 1

Introduction

Consensus is growing among federal and state policymakers that natural gas will play a
more prominent role in the U.S. energy future. Natural gas is an abundant domestic
resource; it can be produced and delivered at prices that appear to be competitive with
alternatives whose environmental impacts are often less favorable. Estimates of the
recoverable gas resource base continue to increase as a result of technological innovations
and production experience. A recent study by the National Petroleum Council (1992)
estimated that about 600 trillion cubic feet (Tcf) of gas is recoverable at wellhead prices
of $2.50/MMBtu ($1990) or less with advanced technology (see Table 1-1).! This
represents about 30 years’ worth of consumption at current levels. Moreover, the existing
transmission and storage system (280,000 miles of gas transmission pipeline and about
8 Tef of storage capacity) is more than adequate to meet existing firm requirements on
an annual and peak-day basis and is sufficient to allow for growth in gas demand in
certain regions (see Figure 1-1). The markets for gas are quite diverse: residential
customers use gas equipment to provide energy services such as space and water heating,
cooking, and drying with gas bills of $500-1000/year; large industrial users or gas-fired
power plants consume gas worth tens of millions of dollars per year. The gas industry
faces stiff competition in many of these markets from electricity and unregulated,
alternative fuels. Thus, the potential for natural gas hinges in part on industry and
federal and state regulators helping 1o ensure that gas is used efficiently and that barriers
to its efficient use are removed (National Petroleum Council 1992).

Table 1-1. Recoverable Resource Base for the Lower-48 States

Recoverable Resource Base Trillion
Cubic Feet {Tcf)

‘Price -~ 1990 2010
1$1990) Technology Technology
Unspecified .. ................. 1,065 1,295
$3.50/MMBTU . .. ... ... ..... 600 825
$2.50/MMBTU . ................ 400 600

Source: National Petroleum Council 1992

' In 1992, annual U.S. gas usage was 19.8 trillion cubic feet (Tcf) and the estimated average wellhead
price was $1.84 per thousand cubic feet. One important caution: the National Petroleum Council (NPC) study
also concluded that a 19 Tcf gas supply level could be maintained until 2010 if average welthead prices were
$2.50 per million Btu (MMBtu) ($1990), but would decrease to about 10-11 Tcf if wellhead prices only
averaged $1.50/MMBtu ($1990). This implies that gas commodity prices would have to increase at 1.8 %/year
in real terms, compared to estimated 1992 wellhead prices.
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Figure 1-1. U.S. Gas Transmission and Storage System: Peak-Day and
Annual Capability (1991)
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The Energy Policy Act of 1992 (EPACT) includes various provisions that encourage
energy efficiency and also promote reliance on competitive forces, EPACT amends the
Public Utility Regulatory Policies Act (PURPA) of 1978 by adding two new standards
for consideration by state PUCs: (1) use of integrated resource planning by gas local
distribution companies (LDCs) and (2) encouragement of investments in energy efficiency
and load-shifting measures by ensuring that these investments are at least as profitable
(taking into account the income lost from reduced sales under such programs) as prudent
supply-side investments. Each state commission is required to provide public notice,
conduct a hearing on the appropriateness of these new standards, and make a
determination about whether or not to adopt each standard by October 23, 1994.2

Developments in gas wellhead markets and changes in regulatory policy at the Federal
Energy Regulatory Commission (FERC) have also created new challenges and
opportunities for gas LDCs and their state regulators. State regulators, who oversee a
distribution segment that still has features of a natural monopoly, have to respond to and
manage the competitive forces that have resulted from gas industry restructuring.
Increased reliance on market forces does not necessarily mean that state regulation is
outmoded but rather that flexibility and forward-looking planning processes become
increasingly important as the number and type of utility supply choices increase.

A number of state public utility commissions (PUCs) have taken an interest in integrated
resource planning (IRP) for gas utilities. IRP involves a process used by utilities to
assess a comprehensive set of supply- and demand-side options based upon consistent
planning assumptions in order to create a resource mix that reliably satisfies customers’
short-term and long-term energy service needs at the lowest total cost.®> Gas IRP is in its
formative stages, and a variety of regulatory approaches are being considered and tested
by state PUCs. However, a survey of regulatory staff conducted for the National
Association of Utility Commissioners (NARUC) revealed that limited information and
lack of consensus on various IRP-related technical and policy issues has hindered
progress (Goldman and Hopkins 1991). NARUC concluded that additional analysis of
selected issues would be useful, particularly if it drew on the initial experiences of PUCs
and gas utilities that have implemented gas IRP.

* A more detailed discussion of relevant EPACT provisions for state PUCs can be found in NRRI (1993).

* For those readers who want additional information on issues associated with developing IRP for electric
utilities, refer to Krause and Eto (1988), Hirst et al. (1991), and Hirst (1992b).
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1.1

Overview of the Gas IRP Primer

NARUC asked Lawrence Berkeley Laboratory (LBL) to develop a primer on gas
integrated resource planning, Our primary focus is on technical and analytical issues that
gas LDCs and state regulators are likely to confront in attempting to achieve IRP goals
and objectives. The intent of this primer is to introduce commissioners and regulatory
and gas LDC staff to the full scope of IRP-related topics by highlighting major issues,
synthesizing available information, and identifying additional sources for those who want
more information. Because gas IRP is a relatively new phenomenon and there is a range
of ideas about practices and policies, many issues in this primer are presented through
discussions of alternative approaches and their implications. Many issues such as fuel
substitution and financial aspects of gas demand-side management (DSM) are quite
controversial from a policy standpoint.

Chapters 2-9 of this primer discuss the following topics:

. Chapter 2 reviews recent developments in the gas industry and their implications
for gas LDCs and state regulators, The chapter also examines similarities and
differences between the electric and gas utility industries in order to provide a
context for understanding the challenges involved in creatively adapting IRP to
the conditions faced by gas utilities. Principal goals and objectives of IRP are
identified and the benefits and potential drawbacks of gas IRP regulatory
processes are discussed.

. Chapter 3 describes the major analytic steps in developing a gas integrated
resource plan and provides an overview of current IRP models and modeling
tools,

. Chapter 4 reviews gas supply and capacity planning and focuses on issues that

assume increased importance for LDCs in an IRP context (e.g., reliability
planning criteria) and/or increased prominence in the post-636 era.

° Chapter 5 describes various methods used by gas utilities to estimate gas avoided
costs and analyzes the strengths and weaknesses of alternative approaches. The
technical nuances and key uncertainties presented in this chapter related to
estimating gas avoided costs are designed to help regulatory and utility staff in
their assessments of the potential economic benefits of various types of gas DSM
programs,



Chapter 6 discusses the various economic perspectives from which gas DSM
resources can be evaluated and examines issues that arise in the application of
benefit-cost tests for gas LDCs.

Chapter 7 examines the technical opportunities of selected gas efficiency and fuel
substitution options and strategies and discusses how utilities can package these
measures to acquire DSM resources. The goals of this chapter are to convey the
relative magnitudes and economics of the technical opportunities for the efficient
use of gas as well as insights gained from the experiences of leading gas and
electric utilities on effective ways to market and implement DSM options.

Chapter 8 reviews policy issues involved with end-use fuel substitution and
discusses various regulatory approaches.

Chapter 9 discusses financial aspects of gas DSM programs, including program
cost recovery and allocation methods; mechanisms such as decoupling or lost
revenue adjustments, which can be used to overcome disincentives to utility DSM
investments; and various bonus or incentive mechanisms.






Chapter 2

2.1

2.2

Gas Resource Planning:
Need for IRP

Overview

This chapter reviews the impact of structural changes in the U.S. natural gas industry on
resource planning activities of local distribution companies (LDCs), summarizes recent
policy initiatives at the Federal Energy Regulatory Commission (FERC), and discusses
their implications for LDCs and state regulators. We examine similarities and differences
between the electric and gas utility industries in order to identify areas where gas
integrated resource planning (IRP) processes may have to be tailored to the conditions
faced by gas LDCs. We articulate the goals and objectives of integrated resource
planning and highlight the potential benefits and drawbacks of gas IRP regulatory
processes based on the views of those that support and oppose gas IRP as well as the
initial experiences of several states. A primary objective of this chapter is to provide a
context for the remaining chapters’ in-depth discussion of technical and analytical issues
that arise in gas resource planning.

Gas Industry Restructuring

During the past 15 years, the gas industry has been transformed; regulated pipelines used
to resell wellhead price-controlled supplies of natural gas, but now gas supply prices are
determined by the market and interstate pipelines mainly transport gas that is owned by
third parties. The changes resulted from the dynamic interplay between evolving market
forces and actions of the Federal Energy Regulatory Commission (Harunuzzaman et al.
1991). Gas price deregulation, open access, and comprehensive unbundling are the
cornerstone of federal policy initiatives that are designed to substitute market forces for
more direct forms of regulation where market power is diffuse and to focus on efficient
regulation where market power is concentrated (O’Neill et al, 1992).

Decontrol of wellhead prices began with the passage of the Natural Gas Policy Act of
1978 and was completed in 1993. Buyers who wanted to shop around effectively needed
flexible access to long-distance and local transportation alternatives so that gas delivery
could be arranged from decontrolled upstream supply options. This need led to the
separation of transport service from commodity sales, The unbundling of pipeline
transportation by FERC began in earnest with Special Marketing Programs and has
evolved in successive FERC Orders (i.e., 436, 500, and 636) in response to legal
decisions and concerns raised by various parties (see Appendix A for a summary of
FERC Orders and related legal decisions). Although the transition to a more competitive
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Figure 2-1. Evolution of Gas Marketing
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industry has been difficult and painful for industry participants (e.g., take-or-pay
problems), these regulatory reforms have contributed significantly to lower gas costs and
innovative and expanded gas service choices (Makholm 1993). Industry restructuring has
resulted in significant changes in gas marketing with the entry of gas marketers/brokers
and producers selling gas directly to end users via spot markets and various contractual
arrangements (see Figure 2-1). By 1991, nearly 80% of all gas was sold under
transportation arrangements rather than as bundled pipeline sales.

2.2.1 FERC Order 636

Order 636 is the latest gas industry restructuring effort by the FERC; it focused on
several broad issues (see Table 2-1): pipeline gas merchant services; access to available
transportation and storage capacity; transportation terms, conditions, and services; and
ratemaking issues (see Gaske 1993 for an excellent summary of FERC 636 and its
implications). Interstate gas pipelines have traditionally combined merchant and
transportation functions in linking upstream gas producers with downstream markets.
This bundling of services resulted in part from the conditions associated with licensing
and financing pipeline construction.! However, various parties (e.g., producers and
marketers) made convincing arguments that pipeline gas often received priority
transportation service and that third parties could not, under the existing arrangements,
compete on an equal basis with pipeline merchant services. Order 636 required pipelines
to completely unbundle merchant and transportation services, which meant that a pipeline
company’s firm sales customers were converted into firm transportation customers and
are now responsible for making their own gas purchases. In effect, the firm sales service
agreement served as a contractual backstop for LDCs and other pipeline customers in the
event of a shortfall in supplies. With the elimination of the traditional bundled sales
service, all gas must be aggregated, managed, and transported separately. This is likely
to lead to a situation in which the responsibility for assuring supply reliability will be
dispersed among multiple entities (LD Cs, interstate pipelines, and gas merchants) (CERA
1992).

Order 636 also includes a capacity release mechanism, which allows a holder of pipeline
capacity to sell or assign unused capacity through a transaction controlled by the pipeline.
Parties that place the highest value on firm capacity will have an opportunity to obtain
that capacity through a bidding process. Pipelines are also required to offer a “no-

! Both regulators and lenders wanted assurances that pipelines would have sufficient supplies and demand so
that gas throughput was adequate to assure that major capital investments were economic. Long-term gas
contracts with suppliers and long-term sales contracts with LDCs were the means to provide these assurances.
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Table 2-1. Major Provisions of Order 636

 Descripion

Unbundling of pipeline services * Effectively mandates that interstate pipelines separate the
buying and selling of gas from the transport of gas
* Pipelines are also required to provide customers with open
accese to storage and ofter these services separately from
all other services

“Open access” * Pipeline companies must provide “open access"”
transportation that is equal in quality for all gas supplies,
whether purchased from the pipeline or not

“No-notice” service * Pipslines currently offering bundled city-gate firm sales
service must provide a quick response, backup
transporiation service for the benefit of competing shippers
{i.a., advance notice by the shipper is not required)

Capacity release * Authorizes a reallocation maechanism so that firm shippars
csn release unwanted capacity to those wanting it by
holding en auction, with results turned over to the pipsline to
be posted on an electronic bullatin board

Rate design * Requires a “straight-fixed variable” rate design (ses Figure 2-
2}, unless other agreements are negotiated with the
customers

* Pipelines ara required to use various ratemaking techniques
to mitigate “significant” changes in revenue responsibility to
any customer class

* Pipsline companies must phase in rate increases over a four-
year period if revenue responsibility changes exceed 10% for
any customer class

Trensition costs * Pipelines are given the opportunity to recover 100% of
“transition costs” creeted by new rules (e.g., stranded
investment costs}

Sources: EJA 1883c, Cambridge Energy Research Associates 1982

notice” service, which is FERC’s attempt to assure maximum reliability in a deregulated
market.?

In terms of ratemaking issues, Order 636 also requires that all fixed costs associated with
pipeline transportation service be recovered in a capacity reservation fee rather than the
current modified fixed variable system, which allocates certain fixed costs to the

? “No-notice” service is technically categorized as firm transportation service but essentially includes a
provision of gas supply under emergency circumstances to meet firm peak loads.
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Figure 2-2. Pipeline Rate Design Changes

Modified Fixed Variable
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Source: Energy Information Administration (EIA) 1993

volumetric charge (see Figure 2-2).® Prior to Order 636, FERC maintained that it was
important for pipelines to be “at risk” for recovery of a portion of their fixed costs in

> The reservation fee is charged to pipeline transportation customers on a monthly basis to reserve daily
capacity, based on their requirements during peak periods.
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2.3

2.3.1

order to provide a cost minimization incentive, which resulted in the Modified Fixed
Variable rate design. FERC’s reasons for switching to a “straight-fixed variable” (SFV)
rate design include: having pipelines compete on costs they can control (i.e., variable
costs), promoting competition at the wellhead, facilitating creation of a national gas
market, and creating a level playing field between U.S. and Canadian producers. The
cost impacts of the shift to SFV rate design are likely to vary widely for individual
customers depending on their load factor. A recent study conducted by the Energy
Information Administration (EIA 1993¢) concluded that:

-..absent other changes in the ratemaking process (e.g., mitigation strategies), the cost shift
associated with moving from modified fixed variable to straight-fixed variable may be very large
for low load factor customers, i.e., local distribution companies with residential and small

commercial customers that have temperature-sensitive loads.*

Compared to modified fixed variable rates that prevailed before 1990, increases in
transportation rates with SFV ranged between 40-60% for customers of a “composite”
pipeline that had a 35% load factor (EIA 1993c). A longer term effect of the shift to
SFV should be increased investment in gas storage or other peaking facilities. FERC'’s
new rate design may also lead to seasonal trades (via the release program) of capacity
between on-peak and off-peak customers. Any rate design represents a balance between
efficiency and equity objectives. Thus, it is likely that FERC’s current approach to rate
design will continue to evolve as regulatory policy objectives and market realities change.

Implications of Gas Industry Restructuring

Industry restructuring has significant implications for gas LDCs and state regulators
because of profound changes in the business environment of LDCs.

Implications for LDCs

In the past, pipelines and LDCs operated their systems together on the principle of city-
gate service that bundled commodity with transportation services. An interstate
pipelines’ sales service insured adequate supply and capacity were available to deliver
promised quantities of gas in a timely fashion, and distribution of gas was a main role
of LDCs. In the post-636 era, these two industry segments must operate their systems

“ EIA developed a composite pipeline based on six large interstate pipeline companies serving the East

Coast.



together under different principles. Securing natural gas and the capacity to deliver it has
become the principle mission of LDCs. With complete unbundling, LDCs have become
active managers of their own gas supply portfolios, choosing among different suppliers
and developing the proper mix of short- and long-term contracts. LDCs now face an
expanded array of options for securing gas supplies and transportation as well as
increased competition from alternative fuels and “bypass” of the LDC by its customers
that can connect directly to an interstate pipeline.

In the post-636 era, the most basic strategic choice that an LDC must decide is whether
to:

* develop its own gas supply portfolio, which will involve aggregating,
seasonally shaping, and firming through direct purchases at upstream market
centers; and bundle these supplies with firm transmission and storage rights,
or

* contract out porifolio aggregation and rebundling functions to other parties
(e.g., producers, pipeline affiliates, or independent marketers) that offer a
firm, seasonally shaped supply at the utility’s city gate (Tussing 1993).

These alternatives represent the extremes of possible approaches, and in practice many
intermediate paths will most likely evolve. Regardless of the approach that LDCs take
to managing their increased supply responsibilities in the post-636 era, they face an
increased possibility that their actions will be reviewed by state regulators.’ Thus, an
LDC’s strategic choices will be strongly influenced by state PUC preferences, especially
the rules and guidelines adopted to monitor gas costs and service reliability.

The move to SFV rates and the resulting higher reservation fees for peak-day capacity
will also encourage LDCs to closely examine and rationalize their capacity holdings and
look for alternative and more inexpensive ways to obtain the same level of service.
Various peak-shaving DSM alternatives are likely to be more attractive under SFV rate
design.

* FERC does not plan to approve the price of commodity gas sold by pipelines restructured by Order 636.
Thus, more responsibility is placed at the state level for oversight of reliability.

13



2.3.2 Implications for PUCs

Historically, in regulating gas LDCs, many state PUCs have focused on safety,
reliability, and prices offered for natural gas services. However, the new supply
management responsibilities of gas LDCs may create a need for broadened regulatory
oversight of the way LDCs purchase gas supply. Current procedures typically used to
monitor gas supply costs and reliability (e.g., purchased gas adjustments, prudence
reviews, least-cost purchasing requirements, and occasional management audits) may
have to be adapted to respond to the changes in industry structure and gas supply
markets.

PUCs will also have to decide the extent to which they want to extend FERC policies and
goals for pipelines to the regulation of gas LDCs. This will involve decisions about the
degree to which LDCs and intrastate pipeline services should be unbundled, the benefits
of and need for franchise protection for LDC services to certain market segments, and
alternatives to traditional service obligations (National Petroleum Council 1992), Ata
minimum, state commissions and gas LDCs will continue trends which distinguish among
services offered, extent of regulation, and implied obligation to serve among captive core
customers vs. large-volume, noncore customers. PUCs have a continuing responsibility,
however, to insure that core customers, with limited market power, are provided reliable
service at reasonable rates and that deregulated activities are conducted at arm’s length
from a utility’s regulated business in order to minimize opportunities for cross-
subsidization and self-dealing. Regulation of the gas distribution sector will be required
as long as uncontestable “natural monopoly” conditions exist.

¢ “Natural monopoly” arises in an unregulated market when a single firm dominates the market by virtue of
economies of large scale (size) or wide scope (across functions or products), which give that firm a cost
advantage over any combination of multiple, smaller firms. For a gas LDC, “natural monopoly” conditions
exist if its system is capable of carrying incremental volumes to or from a given point at a substantially lower
expense than any “stand-alone” or “bypass” facility. Even where monopoly conditions exist, firms can exert
market power only if the market is “uncontestable,” which means that new entrants can’t credibly threaten to
enter on an efficient scale (Jaffe and Kait 1993).



2.4

Table 2-2. Differences Between Gas and Electric Utility Industries

o UHeetrien

o Gas. -

Industry Structure
and Organization

Planning Practices
and Resources

End-Use Market
Characteristics

Avoided Supply Costs

Access to Retail Utility
Service

Vertically-integrated,
except for new
generation

10-30 yrs

Electricity is an
essential service
More difficult to fuel
switch

Higher then gas
when adjusted for
equivalent energy
services provided
Methods reasonably
well developed

Virtually universal

Separate firms handie
production,
Transmission &
Distribution (T&D)
Prominence of
storage

1-10 yrs

Less information on
DSM savings and
costs

Gas service is
optional

Core and noncore
markets

Methods still evoiving

Need for review of
line extension policies
and tariffs

Similarities and Differences Between Gas and Electric Utility Industries

Similarities and differences between the gas and electric utility industries must also be
considered by state PUCs in developing regulatory policies and expectations for gas
utilities. Table 2-2 highlights differences in five major areas: industry structure and
operation, planning practices and resources, end-use market characteristics, avoided

supply costs, and access to retail utility service.




Figure 2-3. Contract Demand, Peak-Day Storage
2.4.1 Industry Structure and Deliverability and Pipeline Capacity by Region
Operational
Characteristics
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Each industry has three major segments: production/generation, transmission, and
distribution. Transmission and distribution (T&D) systems in both industries are
characterized by substantial economies of scale and of coordination. In the distribution
segment, the economies are so great that it is almost always considered a natural
monopoly. The availability and use of storage differ significantly between the two
industries. Storage plays a much more prominent role in the natural gas industry, often
providing an attractive alternative to pipeline capacity (see Figure 2-3). Gas can be
stored rather easily in both gaseous and liquid states as line pack, in underground
caverns, in depleted oil and gas reservoirs, and in liquified natural gas (LNG) plants.
In the U.S., gas storage meets about 30% of U.S. peak-day demands while storage is too
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expensive for general use by an electric utility (EIA 1993c). For IRP, widespread
availability of gas storage on a daily and seasonal basis has important impacts on the
analysis of gas system marginal costs.

Differences in the degree of integration of the transmission and distribution networks of
utilities in the two industries also affect reliability planning. Although gas systems are
interconnected through pipeline systems, LDCs are often not extensively interconnected
with other LDCs and thus each tends to plan for its own reliability. Electric utilities are
interconnected with other systems through a grid and utilize this extensive transmission
and distribution network to meet their loads in cases of emergencies. Reliability planning
is typically done on a regional basis as individual electric utilities pool their
requirements,

There is also a substantial mismatch between the time constants that govern operation of
electric power systems and gas pipeline delivery system. These differences derive from
the fundamental fact that electricity moves at almost the speed of light while gas is
pumped through pipelines at about 15-20 miles per hour. The combination of shorter
time to react to changing conditions, lack of storage, and constraints on system flow
controls has meant that historically the electric grid was more automated and closely
monitored (O’Neill et al. 1992). Because of the concern over public health, safety, and
economic consequences of system gas service being interrupted during severe cold
weather, gas operators have historically placed the highest priority on system reliability
for residential and commercial customers who do not have short-term alternatives.
Planned gas outages are possible in many gas systems for some individual large
customers because these customers typically have ready access to substitute fuels, and
gas utilities have a long tradition of using interruptible contracts to alleviate peak-period
demands (Samsa and Hederman 1992).

Regional differences in resource endowments are important in both industries but are
particularly striking in the gas industry as exemplified by distinctions between producing
and consuming states. Most natural gas is produced in just five states and most gas
transactions include long-haul interstate transmission.” In contrast, most electric
generation is sited relatively closer to load centers, and most of the electric grid was
originally built to connect major markets for better reliability and short-term coordination
trades (O’Neill et al. 1992).

" The major producing states are Texas, Louisiana, Oklahoma, New Mexico, and Kansas.
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2.4.2 Planning Practices and Resources

The focus of electric utility investment decisions and regulatory oversight has been on
large capital projects to build new generation or transmission facilities. Historically,
electric utility planners are accustomed to long-range planning for 10 to 30 year period
because of the long lead times required to construct baseload power plants and the time
horizon over which alternative resource options must be compared. In contrast, for most
gas LDCs, fuel supply procurement and distribution system expansion rather than facility
planning has been the major focus (Lemner and Piessens 1992; Samsa and Hederman
1992).

Gas supply planners must now evaluate an expanding array of supply options, and this
trend is likely to accelerate in the post-636 era. However, the scale, capital requirements,
and lead times for decisions on new gas facilities are often quite different than those
involved in electric resource planning. For gas utilities whose major capital expenditures
are related to local transmission and distribution investments, the share of bulk
transmission and storage investments is small relative to investments in generation
capacity and transmission in the electric industry. Lead times are short {(one to three
years) for these gas system investments. In today’s gas supply market, three to five
years is considered long term for a gas utility resource planner. Moreover, contracts of
varying lengths expire at different times, so fuel supply procurement takes place almost
continuously. Contracts and/or investments for capacity (e.g., acquisition of pipeline
capacity, storage, and/or peaking service capacity) often entail longer time frames (e.g.,
10 years). In contrast to the electric industry, among the resources being evaluated by
a gas utility in an IRP plan, gas efficiency programs may require the longest lead and
resource development time.?

At the present time, many gas LDCs have less detailed information than electric utilities
do about the characteristics and performance of customers’ equipment, appliance
saturations, and end-use consumption. LDCs also have more limited information on the
actual costs and savings of DSM resources in contrast to electric utilities. These issues
affect the time frame in which gas LDCs can be expected to design and implement large-
scale DSM programs.

® Some DSM options have economic lifetimes of 10 to 20 years (e.g., high efficiency furnaces). Planning
horizons may be extended to match the life cycle of DSM applications with supply-side opportunities. Because
of uncertainties in future gas commodity prices, sensitivity analysis using alternate gas price escalation rates
should be conducted.
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2.4.3 End-Use Market Structure and Characteristics

End-use retail markets in the natural gas and electricity industries are typically segmented
along similar lines (i.e., residential, commercial, and industrial users). Product
differentiation is increasing in both industries and currently involves distinctions based
on reliability of service (firm vs. interruptible), usage during various seasons, and time
of day (for electricity).® There is a general consensus that demand is relatively inelastic
for most residential and commercial customers while industrial customers typically have
elastic demands. Residential customers in both industries have limited options for
substitution in response to short-term price hikes while large industrial customers have
more choices.

There are also some important differences in the characteristics of end-use retail markets
of electric and gas utilities. First, electric service is a necessity for some end uses and
applications, while gas service is typically optional and gas 1s used for its inherent
thermal and chemical properties. Second, the extent of competition in gas end-use
markets is more intense than in electric end-use markets because for virtually every use
of natural gas, there is a competitive alternative, either in the form of direct fuel
substitution or an alternative energy form.

In both the natural gas and electric utility industries, prices paid by different types of
customers and cost components differ widely. For gas utilities, these differences are
quite striking and are attributable principally to variations in costs of serving different
customer classes as well as differences in service quality among classes (see Figure 2-
4).'° There are several important implications for gas utilities: (1) because wellhead
prices account for less than 40% of the total price paid by residential and commercial
customers, changes in wellhead prices have relatively less impact on end-use prices in
these sectors, (2) industrial and electric utility customers are much more sensitive to
changes in wellhead prices and can aiter their gas demand patterns quickly because it is
often relatively easy to switch to alternate fuels, and (3) avoided gas costs may often be
less than retail rates because fixed costs are high for residential and customer gas
customers and because local distribution and customer-related costs are typically not
avoidable,

* Ultimately, utilities in both industries may end up providing bundled service to small customers and
unbundled service for large customers with competitive alternatives.

** In Figure 2-4, “wellhead price” is the commodity cost of gas; “transportation tariffs” represent costs paid
by the LDC to interstate pipelines from producing area to city gate; and “LDC markup” is the amount charged
by the utility to cover distribution, storage, and other customer-related expenses which recover costs of
providing end-user service. Note that onsystem industrial sales account for only about 33% of total gas
throughput in the industrial sector; offsystem sales have become predominant (EIA 1993c).
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Figure 2-4. Components of End-Use Prices by Sector {1991)
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2.4.4 Avoided Costs

Avoided electricity costs often tend to be higher than gas avoided costs when adjusted
for equivalent energy service provided. However, it is not that easy to directly compare
avoided electric and gas costs because of differences in costing methods and conventions,
end-use conversion efficiencies, and operational characteristics of electric and gas utilities
(Samsa and Hederman 1992). Despite that caveat, avoided gas costs that are lower than
avoided electric costs for DSM suggest that: (1) it will be relatively more difficult for
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gas energy efficiency programs to pass cost-effectiveness tests compared to electric DSM
programs, and (2) all else being equal, net DSM program benefits might be smaller
(Lerner and Piessens 1992).

2.4.5 Access to Retail Utility Service

Electric utility retail service is more widely available in the U.S. than gas service. The
gas industry’s access to some end-use markets is hampered somewhat because gas service
is not universally available. In addition, some PUCs do not have uniform line extension
policies for electric and gas retail service. Several PUCs are in the midst of reviewing
their policies and tariffs for gas line extensions and are examining such questions as
comparability of treatment among electric and gas utilities and the extent to which growth
is in the interests of existing gas ratepayers."

2.5 Alternative Regulatory Approaches

Many PUCs and gas LDCs are rethinking the role of state regulation in light of the
massive structural changes occurring in the gas industry (see Public Service Commission
of Wisconsin (PSCW), 1993). In this section, we describe briefly a range of generic
approaches as background to a more detailed discussion of the potential benefits and
drawbacks of integrated resource planning regulatory processes. Table 2-3 summarizes
alternative regulatory approaches and highlights the regulatory forums and elements
which would be involved in overseeing the various activities of gas LDCs (e.g., gas
supply oversight, treatment of capacity and facility investments, and role of DSM).

Option A represents the status quo in the majority of states. Regulatory processes
include periodic rate cases in which rates are set, purchased gas adjustment (PGA)
proceedings for review and recovery of gas supply costs, and certificate of public
convenience and necessity (CPCN) proceedings to approve any gas LDC’s application
for major facility investments. PUCs rely primarily on retrospective, after-the-fact
prudence reviews of gas LDC purchase decisions although several state PUCs require
utilities to file gas supply plans in advance of purchases.!? DSM options, to the extent

'' Some PUCs use a “net benefits to existing ratepayer” test to determine whether line extensions and other
growth strategies should be allowed. This test demonstrates whether the gas utility could provide the same level
of energy service to existing ratepayers at the same or lower cost while adopting the growth strategy.

‘2" A 1991 NARUC survey (Goldman and Hokpins 1991) found that 39 states conduct prudence reviews of
gas purchases, of which 15 states review purchases annually or on a contract by contract basis. Six PUCs
(Alabama, California, Massachusetts, Nevada, Oregon, and Rhode Island) also require gas LDCs to file gas
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Table 2-3. Alternative Regulatory Approaches

COption A
(Status Quo) .. .................. . Rate case
. PGA proceedings or gas supply
plan review
. CPCN for large ratebased facilities
Option B
{Long-Range DSM Planning) .......... . Rate case and PGA
. CPCN
* Long-range DSM pian
Option C
(iIRPRules) ...................... . Rate case
PGA (decisional prudence only}
Utility develops [IRP plan; PUC
review
. Review of supply portfolio mix
Option D
{IRP Rules/PUC Approval} ............ . Rate case
' PGA (decisional prudence only)
PUC approves IRP plan
PUC approves supply portfolio mix
Option E
{incentive Regulation) .. ............ . Eliminate PGA, retain PGA partially
with true-up, or use benchmark
indices
. Initial rate case, then long lag
Option F
{Partial Deregulation} . .............. . No mandate for LDC DSM
. Retafl gas merchant industry
competes with or supplants the
LDC’s merchant function
. Eliminate PGA and PUC review for
noncore customers
. Rate regulation of transportation
rates for LDCs continues

they are considered at all, are typically evaluated as part of a gas LDC’s rate case.

supply plans in advance of purchases.

22



There is significant disagreement about the degree to which the status quo regulatory
approach is appropriate in light of gas industry restructuring. Critics argue that
traditional regulatory review processes may be too cumbersome, tend to create regulatory
risk without necessarily protecting ratepayer interests, and create incentives for utilities
to minimize short-run costs rather than looking at long-run cost minimization, rate
stability, and reliability (Heintz 1993; Jensen 1993).

In order to encourage LDCs to consider demand-side options more systematically as
strategies, a number of PUCs have required their gas LDCs to file long-range DSM or
conservation plans.”® These plans typically include short-term DSM program
implementation activities as well (Option B). One rationale for this approach is that
PUCs want to encourage gas LDCs to adopt some basic objectives of integrated resource
planning. These goals include consideration of both supply- and demand-side options,
and establishing criteria for evaluating the economics of gas DSM options. This approach
attempts to develop some of the “building blocks™ of IRP without requiring gas LDCs
to file formal integrated resource plans, which would involve detailed analysis of existing
and proposed supply-side options. In several cases, PUCs that require long-range DSM
plans are also considering major changes in regulatory oversight of LDC gas purchasing,
but are using separate regulatory forums from those used for DSM.

Several PUCs have established rules requiring gas LDCs to file integrated resource plans
in addition to meeting requirements of existing regulatory proceedings. IRP requirements
and procedures vary significantly among states, and regulatory treatment of a utility’s
filed plan is a critical difference. Some PUCs review, but do not approve, a utility’s IRP
plan; we call this approach Option C. The review process typically involves hearings or
workshops intended to solicit comments from interested parties and regulatory staff on
key elements of the utility’s plan (e.g., the utility’s supply and capacity portfolio, the mix
of supply- and demand-side resources). The PUC might then comment on the utility’s
plan, offering suggestions for modification, but would not approve the utility’s IRP plan.

As an alternative procedure, a PUC could formally approve an integrated resource plan
for a gas LDC after public hearings, which might result in modifications to the utility’s
original plan (Option D). Under Option D, the PUC’s review of gas supply planning
issues might include preapproval of an LDCs supply portfolio mix. For example, Jaffe
and Kalt (1993) have suggested that gas utilities propose preferred portfolio strategies for
gas procurement as part of an IRP process. Based on the evidence presented by the
utility and the PUC’s policy goals, the commission would determine and, in effect,
preapprove the general composition of the utility’s acquisition portfolio (i.e., the relative

A gas DSM plan would include all load shape objectives while a conservation pilan would be limited to
strategic conservation and possibly peak clipping load shape objectives.
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mix of long-term and short-term contracts). Utilities would then use competitive bidding
processes to acquire resources in their portfolio categories. The effectiveness of these
efforts would be subject to regulatory review, but purchasing practices consistent with
the approved portfolio would be presumed reasonable (Jaffe and Kalt 1993). Like Option
C, Option D would include audits of purchase practices and monitoring of results as well
as approval of exceptions to plans. In both Options C and D, LDCs and regulators share
varying degrees of responsibility for the consequences of major resource decisions.
Compared to other approaches, a PUC-approved plan (Option D) minimizes the risks of
cost recovery and the likelihood of a prudence review for the LDC but requires a high
level of proactive regulatory involvement (see Section 4.2.4 for a more detailed
discussion).

Various incentive regulation approaches (Option E) have also been proposed (see
Harunuzzaman et al. 1991 for general overview). In many cases, incentive regulation
can complement traditional regulation (Option A) and other regulatory strategies (e.g.,
long-range DSM planning and the IRP regulatory process). Most proposals focus on an
LDC’s variable gas costs and involve either elimination or partial retention of the
purchased gas adjustment (PGA) or cost-indexing approaches (see Section 4.3.4 for a
more detailed discussion). For example, Hatcher and Tussing (1992) argue that linkage
to a prespecified market index, in conjunction with incentive regulation that shares any
cost savings among ratepayers and shareholders, will provide an effective basis for
monitoring and oversight of gas costs. To encourage long-term contracts, Fessler (1993)
suggests that these contracts adopt pricing mechanisms that follow the market (rather than
try to outguess it) and that utilities should have the burden of proving that cost premiums
over and above spot indexing are justified by benefits to core ratepayers.

Another general approach includes various partial deregulation proposals that significantly
relax regulatory oversight in favor of reliance on market forces (Option F)
(Harunuzzaman et al. 1991). The underlying goal is that market forces would establish
rates, services (including demand-side services), and the degree of reliability desired by
customers. The scope and extent of deregulation could vary just as with incentive
regulation. PUCs would be required to establish new policies and rules to facilitate
deregulation of certain markets (e.g., unbundling of LDC services, performance
standards) and reduce the degree of regulatory oversight. Proponents advocate
comprehensive unbundling and open access to transportation on local systems, leading
to the emergence of a retail gas merchant industry that would compete with or supplant
the LDC’s merchant function. This strategy would involve deregulation of gas supply
for all noncore customers and certain core customers. For this strategy, gas LDCs and
PUCs may have to reallocate transportation costs associated with serving various
customer classes, particularly facilities used jointly by core and noncore customers.
While most customers would still rely on the LDC for transportation services, most
noncore customers would procure gas independently or from third parties. Ultimately,
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2.6

some proponents of this approach envision that core customers may choose supply
service from competitors to the LDC (Lemon 1993).

Potential Benefits and Drawbacks of a Gas IRP Regulatory Process

As the previous section illustrates, integrated resource planning for gas LDCs is one
approach that state PUCs can consider to address gas industry restructuring. For
discussion purposes, it is helpful to separate the underlying objectives and goals of IRP
from the question of what regulatory processes would be most appropriate for gas LDCs
in order to achieve various objectives. This distinction is useful because many gas
industry representatives and organizations maintain that an LDCs’ strategic planning
process can achieve many of the objectives of IRP (e.g., consideration of both supply-
and demand-side options) without a commission-mandated IRP regulatory process.

The fundamental objective of IRP is to insure that utilities assess a comprehensive set of
supply- and demand-side options based on consistent planning assumptions in order to
create a resource mix that reliably satisfies customers’ short-term and long-term energy
service needs at the lowest total cost. In defining total costs, the regulator often assumes
a societal perspective, which means that utilities are asked to consider environmental and
other social costs of providing energy services in some fashion. This notion of the role
of gas utilities as providers of energy services, and not simply gas therms, is an integral
part of the move towards IRP (Ontario Energy Board 1991). Uncertainties and risks
associated with different external factors and resource portfolios should be considered by
the gas LDC as part of this comprehensive assessment of resource options.

As previously described in regulatory Options C and D, an IRP regulatory process will
typically involve:

a formal IRP plan presented by the gas LDC in a separate regulatory forum
(i.e., not a rate case);

* explicit consideration of a wide variety of supply- and demand-side options;
* public participation in the development and/or review of the resource plan;

* review, and possibly approval, of the utility’s plan by a regulatory
commission.

Key factors to consider in assessing the value of a formal IRP process are;
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2.6.1

* the adequacy of the existing regulatory system, given gas industry
restructuring and specified regulatory policy objectives;

* the extent to which an LDC’s existing strategic planning process already
includes and adequately addresses IRP goals and objectives;

® determination of the potential benefits and costs of an IRP process in
comparison to current and other proposed regulatory approaches; and

® the extent to which the incremental transaction costs associated with an IRP
process are either not necessary or that similar costs would not be incurred
with other regulatory strategies.

A handful of states have adopted gas IRP regulations and 10 to 15 gas LDCs have filed
their initial integrated resource plans under these rules. Anecdotal evidence suggests that
results have been mixed. For example, in Washington, gas LDCs are preparing the
second generation of IRP plans, and the gas IRP process seems to have produced
significant benefits for ratepayers as well as utilities (see Exhibit 2-1) (WWP 1993), In
contrast, after completion of one statewide gas integrated resource plan and commission
approval of the first integrated resource plans filed by individual LDCs, the Illinois
Commerce Commission (ICC) concluded that gas IRP was an unnecessary cost burden
on ratepayers, without the potential to provide net benefits. The Illinois legislature has
repealed its IRP regulations for gas LDCs (see Exhibit 2-2) (ICC 1993). The IRP
regulatory requirements adopted in Illinois are atypical in that they required a two-stage
planning process (i.e., statewide plan and individual utility plans). This approach may
be more time-consuming and resource-intensive for all parties compared to electric and
gas IRP requirements adopted by other PUCs. At a minimum, these experiences suggest
that IRP processes have to be tailored carefully to the conditions and capabilities of gas
LDCs.

Potential Benefits
Potential benefits of gas IRP cited by proponents include:

» IRP provides documentation and support for the strategic planning activities
of gas LDCs. An integrated resource planning process can help facilitate a
systematic approach for utility managers to evaluate diverse business activities and
potential investments (see Figure 2-5). Gas utilities will increasingly have to offer
innovative services to diverse customer groups with varying needs. A robust
integrated resource plan satisfies multi-attribute evaluation criteria (e.g., cost,
reliability, competitiveness, and environmental acceptability) by performing well
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Exhibit 2-1. Impact of IRP and FERC Order 636 at Washington Water Power

Washington Water Power {(WWP), a combined gas and electric utility, has filed two IRP
pians under regulations issued by the Washington Utilities & Transportation Commission
{WUTC). WWP has about 102,000 residential gas customers and more than 12,000
commercial sector accounts with firm sales of about 150 million therms annually.

WWP’s IRP process has produced some tangible benefits: reduced costs to utility
ratepayers, improved analytic methods to value resource options, and increased resources
devoted to long-term resource ptanning, which has helped the utility respond quickly to post-
636 implementation issues. WWP's experience also highlights the iterative and ongoing nature
of IRP. Many of the benefits of the IRP process have become more apparent in WWP's second
IRP plan as action plan items have been implemented. For example,

In its 1951 IRP pian, WWP added a 5% reserve margin to the peak-day forecast to
allow for forecasting error and possible physical losses of supply or pipeline
capacity. WWP agreed to examine this issue in more detail in its second IRP plan
based on comments received by various parties. In its 1993 IRP plan, WWp
concluded that its use of design-day cold weather conditions was sufficiently
conservative so that the 5% reserve margin was not necessary. This means that
WWP could reduce its peak-day supply by about 100-160,000 therms/day in each
year over a ten-year planning period. Iif WWP is able to take full advantage of the
capacity release provisions of FERC Order 636 to market the excess firm
transportation capacity, the company could save about $15 to 25 million from
reduced peak-day requirements.

WWP has implemented several DSM programs {residential weatherization, high-
efficiency appliance rebates, low-flow showerheads, and commercialfindustrial
incentives}, which appear to be cost-effective from the utility’s perspective. In
aggregate, these programs are expected to produce peak demand savings
representing about 8% of incremental growth in peak demand over a ten-year
planning period at levelized cost of about $0.50/therm.

As part of its electric IRP plan, WWP is implernenting fuel substitution programs
that pay financial incentives to eligibie custormers who convert from electric to gas
space and water heating. Based on a successful pilot program, the company
believes that these programs are effective ways 10 reduce average utility bills of
its ratepayers.

WWP used a targeted marginal cost method to determine supply costs avoided by
DSM measures in its 1993 IRP plan. WWP believes that this method is a more
appropriate methodology compared to the simple weighted average cost of gas
method used in its initial 1991 IRP plan.

WWP utilized a commercially available gas planning optimization mode! to prepare
its 1993 IRP plan. The model was particularly useful in helping the company
determine how long it should pursue capacity releases of firm transportation.

Sources: WWP 1893; WWP 1991
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Exhibit 2-2. lllinois’ Experience with Gas Integrated Resource Planning

In lllinois, the Public Utility Act of 1987 mandated that the Department of
Energy and Natural Resources {DENR) prepare a statewide gas least-cost plan and
that the llinois Commerce Commission {ICC) establish administrative rules that
implemented these legislative requirements for individual gas utilities, After adopting
one statewide gas plan and approving initial plans for individual gas utilities, the ICC
concluded that gas least-cost planning {LCP) should be discontinued. In June 1993,
the lllinois Legislature agreed with this recommendation and amended the Public
Utility Act to discontinue its gas LCP regulations.

The lllinois Commerce Commission {ICC) concluded that gas least-cost
planning is an unnecessary cost burden on ratepayers, without potential to provide
net benefits because:

* Review of ongoing gas purchases can be accomplished more expeditiously
through annual purchased gas cost reconciliation proceedings. The
purchased gas adjustment reconciliation is a more direct way to influence
the behavior of gas LDCs and encourage them to do forward-looking
planning because they are at risk for long-term planning decisions.

* Review of capital projects and operations can best be accomplished
through focused certificate or rate case proceedings.

* Most of an LDCs’ costs {i.e., gas commodity costs) are constrained by the
existence of a highly competitive natural gas supply market. The
Commission’s scarce resources are better spent pursuing electric least
cost planning given the greater potential for cost reductions for electric
utilities.

Sources: ICC 1993, Jensen 1993

for most criteria for a range of altemnative future scenarios (EMA 1992). After
completing a strategic planning process, the utility is in a much better position to
explain its decision-making and resource procurement process, whether or not it
is required to do so by a regulatory commission. One indicator of success would
be the extent to which IRP becomes the planning process for the company’s core
business rather than simply a response to regulatory requirements (Bauer and Eto
1992).

» IRP provides for sharing of risks of major supply management and capacity
decisions between utilities and regulators. In return for increased input into the
resource planning process, regulators, on behalf of ratepayers, and other
participating stakeholders implicitly accept increased responsibility for resource
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Figure 2-5. IRP Framework Helps Utilities Evaluate Business Activities and
Potential Investments
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planning decisions (Hirst 1988b). Decisions made as part of commission-
reviewed and approved processes typically are given the presumption of prudence
at a minimum (Bradford 1992).

Gas LDCs may face reduced regulatory risk if they obtain pre-approval on the
composition of supply acquisition portfolios, agreement on the need for a major
new capital investment (e.g., storage facility), or regulatory support to use
various risk management strategies to manage uncertainties in supply costs.
Hedging strategies are assuming increased importance in both electric and gas
resource planning as flexibility and robustness of alternative resource portfolios
are evaluated under various future scenarios (Bauer and Eto 1992).

» IRP helps overcome market barriers and imperfections that inhibit penetration
of high-efficiency end-use options. Gas LDCs can play an important role in
accelerating the acceptance of high-efficiency gas equipment and technologies,
which must overcome a variety of barriers in various market segments, such as
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information gaps, higher initial costs, lack of capital, and the problem of “split
incentives” (see section 6.4.3) (see Krause and Eto 1988). In an IRP context,
high-efficiency gas conservation and load management options can be regarded
as potential “supply substitutes” and evaluated for their ability to affect the
utility’s supply requirements. Gas DSM may also help LDCs provide an
increasing array of valued services for different market segments and create new
opportunities and markets for high-efficiency gas equipment where societal
benefits can be demonstrated.

» IRP facilitates public participation and input in resource planning. Many
electric utilities have found that input from interested parties and stakeholders is
useful, particularly in areas beyond the utility’s traditional fields of expertise
(Hirst et al. 1992). The form and extent of public participation vary significantly
among utilities and include such activities as policy advisory groups, workshops
on technical aspects of a plan, collaborative processes involving key stakeholders
to develop a set of DSM programs, and solicitation of formal comments from
outside parties to PUCs as part of the commissions’ review processes (Raab and
Schweitzer 1992)

» IRP helps facilitate coordinated energy and environmental planning.
Development of IRP in the utility sector has led to an increased recognition of the
potential benefits of coordinated energy and environmental planning among state
agencies responsible for these functions. A number of states use IRP-type
processes to develop long-range energy plans for all sectors (e.g., buildings,
industry, and transportation). These efforts often include an overall resource
assessment, articulation of state goals in energy-related planning areas, and policy
direction on balancing economic and environmental goals.

State-level energy planning often provides policy direction or input on a key issue
that affects a utility’s integrated resource plan. Examples include state policies
on environmental externalities, siting of new facilities, and development of
alternate fuel vehicles in the transportation sector (Bradford 1992). As a relatively
clean-burning fossil fuel, natural gas may play an enhanced role in meeting future
energy service needs to the extent that the energy and environmental implications
of resource alternatives become an integral feature of state-level and utility
planning processes.

" As competitive pressures increase, utilities are likely to request confidential status for ever-increasing
portions of their IRP filings and supporting materials, which will complicate efforts to encourage public
mvolvement and present regulators with difficult choices.
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2.6.2 Potential Drawbacks

Critics of gas IRP regulatory processes emphasize the inherent limitations and regulatory
costs of this approach (Kretschmer 1993). They argue that the significant differences
between electric and gas utilities mean that the benefits to be captured by a formal IRP
proceeding are likely to be small and will not justify the additional transaction costs of
such a process. In critiquing the value of gas IRP regulatory processes, they raise the
following issues:'

» The direct and indirect costs of an additional gas IRP regulatory process can
be substantial, and the benefits are uncertain and likely to be small. Some
policymakers argue that gas IRP processes involve significant amounts of utility,
regulatory, and third party staff time, which could be better spent, given limited
resources, on other activities (Kretschmer 1993)."® Cost concerns are seen as
critical because the potential benefits of gas IRP are inherently less than those that
can be realized by an electric IRP process. Many gas industry groups maintain
that supply-side decisions for gas LDCs do not imply large, long-term irreversible
cost commitments and that competitive gas markets limit opportunities for a
public process to further reduce gas costs.

» A gas IRP regulatory process, particularly one that implies regulatory
preapproval, is incompatible with the development of a competitive gas industry.
Given the realities of a rapidly evolving competitive supply environment, PUCs
that review and approve utility integrated resource plans are very unlikely to be
able to complete this process in a timely fashion. Moreover, if PUCs approve an
LDC’s integrated resource plan, the risks associated with long-range planning
decisions are unnecessarily being shifted to ratepayers or regulators. This
conflicts with policy goals intended to make utilities function as they would in
competitive markets. Finally, in a competitive environment, the public nature of
an IRP process is not necessarily a benefit because the gas LDCs bargaining
power is reduced because potential suppliers have the opportunity to obtain
information on the LDCs’ supply plan and options.

» The gas conservation potential that can be acquired cost-effectively by an LDC
is relatively small because much of the economic potential will be captured
through government appliance and building standards and codes. The achievable
DSM potential for a gas LDC is also more limited because gas avoided costs are

' See Jensen (1993) for a discussion of the pros and cons of gas IRP regulatory processes.

'* One participant in the Illinois IRP process estimated that the direct costs of the gas LCP process was
about $3 million for the seven gas LDCs (Jensen 1993).
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2.7

lower than those for electricity. This means that, all else being equal, it is more
difficult for gas utility programs to pass cost-effectiveness analysis from the
economic perspective of the utility and society (Jensen 1993).

Summary

This chapter has highlighted the magnitude and nature of changes occurring in the U.S.

gas industry and their potential 1mp11cat10ns for gas LDCs and state regulators. There
is broad agreement among participants in the gas industry that strategic planning is
critical for LDCs in the new business environment. For those regulators considering gas
integrated resource planning, a major challenge is to adapt IRP processes to the
conditions and circumstances of the gas industry. Flexible approaches are desirable for
several reasons. First, the market forces unleashed by and uncertainties associated with
gas industry restructuring mean that regulatory approaches must be compatible with
emerging competitive realities. Second, the typical gas LDC may have fewer staff
resources than the typical investor-owned electric utility, which also argues for more
streamlined regulatory processes. Finally, in thmkmg about gas IRP, it is important to
remember that fundamentally IRP is not an end in itself but a process designed to
improve resource decisionmaking.
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Chapter 3

3.1

3.2

Gas Integrated Resource Planning:
Methods and Models

Overview

Regardless of whether gas integrated resource planning (IRP) is pursued as a separate
regulatory process or a set of methods that are overlaid upon existing business and
regulatory practices, IRP requires the coordination of several areas of utility resource
planning. This coordination should begin with a clear set of objectives that define the
mission of the gas local distribution company (LDC) as an energy services company. The
LDC sets out to meet these objectives by conducting business and resource planning in
five major areas: demand forecasting, supply-side resource selection, demand-side
resource selection, resource integration, and financial and rate forecasting. This chapter
provides an overview of the major areas in IRP, discusses how the areas should be
coordinated, and focuses on three topics that are not covered elsewhere in this primer:
demand forecasting, resource integration, and the treatment of uncertainty. An overview
of computer models that are used to facilitate IRP goals and objectives is also included.

The Gas IRP Analysis Framework

A schematic representation of the IRP analysis framework is shown in Figure 3-1. The
framework is not intended to be all-inclusive; instead, it highlights some of the key
planning areas and their relationships to each other. IRP processes usually begin with a
demand forecast; based on this forecast, the utility develops an initial or base-case
resource plan which usually includes only traditional supply-side resources and excludes
demand-side options. The base-case plan and variations on it are used to develop initial
estimates of avoided costs. These avoided costs are used to screen alternative demand-
and supply-side resources. Based on the results of screening alternative resources,
alternative plans are developed that best achieve a certain objective, like the minimization
of total cost (i.e., the “least cost” objective). Exhibit 3-1 summarizes the particular
approach taken by one LDC, The Peoples Gas Light and Coke Co., and provides a
concrete example of the major steps taken to develop an integrated resource plan.

A gas integrated resource plan must specify a planning horizon. In the electric industry,

planning horizons of 20 years are common. Because of shorter lead times necessary to
construct natural gas supply facilities and the greater uncertainty associated with gas
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Figure 3-1. Analysis Framework for Gas IRP
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Exhibit 3-1. Major Steps in the Peoples Gas IRP Plan

The Peoples Gas Light and Coke Co. {Peoples Gas) prepared an integrated resource
plan to comply with Hlinois Commerce Commission rules {(Peoples Gas 1991}. The plan had
four cornerstones: demand forecasting, supply-side management, demand-side management,
and integration {see Figure 3-2). The plan was developed using a series of linked, detailed
models rather than a single, integrated planning model.

Demand Forecasting

Peoples Gas forecasted demand of firm customers by combining the results of a short-
and a long-term econometric model. The short-term model was designed to provide the best fit
of recent historical data and could, therefore, be expected to produce more accurate forecasts
in the short run. The two models were combined via weights: the short-term mode! was given
greater weight in earlier years and the long-term model greater weight in later years. Peoples
Gas forecasted the demand of larger, nonfirm customers on a customer-specific basis.

The peak-day demand forecast was estimated econometrically using recent daily
sendout data and the assumption that the peak day would occur on a January weekday with
ambient temperatures of -15 degrees Fahrenheit.

The company estimated demands consistent with five general scenarios: (1) a base
case, (2} a high economic growth case, (3) a low economic growth case, (4} base-case
economic growth combined with new demands from strong environmental regulations, and {G)
a “price shock” scenario.

Demand-Side Management

Peoples Gas used a DSM screening program to assess many DSM measures and
programs; measures and programs were identified that passed the Societal Cost test,
Participant test, and Utility Cost test. Programs that passed the screening stage also had to be
consistent with Peoples Gas's “overall DSM objectives.”

Supply-Side Management
Supply-Side management involved the enumeration of all practical supply-side options
including new forms of contracting on existing pipelines as well as new capacity options.

Integrative Aspects

Peoples Gas’s integrated resource plan was determined using its Daily and Monthly
Optimization Models. These models are built upon LINDO, a commercial linear programming
computer program. The models ensure that the system has sufficient gas supply and capacity
available to meet the following design requirements: annual, January peak day, extreme Fall,
and extreme Spring. The LINDO program picks the most economic supply- and demand-side
options. Two types of least-cost plans were developed: a supply-only plan and a combined
supply- and demand-side plan. The supply-only plan is used as a baseline for comparing energy
and ¢ost impacts and is used to develop the avoided costs for screening DSM programs. In
addition to the least-cost criterion, some “secondary” attributes, such as rate impacts or the
existence of possible implementation barriers, were considered in the final selection of DSM

programs,
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Figure 3-2. Peoples Gas IRP Process
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demand forecasts, gas LDC planning horizons are typically shorter; three- to ten-years

appears common.’

! To the extent that an IRP evaluates longer-lived resources, such as DSM measures, it may be necessary to
extend the planning horizon to a point where the full costs and benefits of each resource option can be

measured.
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3.3

Defining IRP Objectives

It is essential that LDCs and PUCs define the mission of the LDC as an energy services
company. This is done by adopting a set of IRP goals and objectives (Energy
Management Associates (EMA) 1992). Achieving the proper balance between multiple
objectives is a key challenge in IRP. For many PUCs, the overall goal of IRP is to
develop a plan that reliably meets customer energy service needs at the lowest possible
cost. Table 3-1 lists other major IRP objectives that are considered important by two
major stakeholders: PUCs and gas LDCs. From these objectives, one can develop
quantitative indicators for measuring how well a particular plan achieves its objectives.
There is some overlap of the objectives that are important to PUCs and LDCs but not
complete congruence. The degree of overlap between a PUC and an LDC strongly

Table 3-1. The Range of Objectives in Gas IRP

Major Stakeholder Objectives Key Indicators
PUC Minimize source energy Total energy
requirements consumed

Minimize total
social costs

Societal Cost test, quantities
of pollutants released

Minimize total customear costs

Total Respurce Cost test

Share benefits
equitably

Rate or bill impacts by
customer class

Minimize customer bills

Utitity Cost test

Minimize rates

Nonparticipants test

Maintain reliability

Expecled curtaliments,
reserve marging

Maximize planning

Lead time of selected resources,
dollar magnitude of long-term

v flexibility commitments
Maintain Market share, relative size
market share of marketing budget

Maximize shareholder value

LY}

Stock price, return on equity




depends on the LDC’s existing regulatory framework. For example, an LDC that has
reasonable assurance of recovering prudently incurred DSM program costs and lost
revenues is more likely to accept minimizing total costs as an objective than an LDC that
does not have such an assurance.

3.4 Gas Demand Forecasting

The starting point of any gas integrated resource plan is the demand forecast, which
estimates the future natural gas energy service needs of an LDC’s customers. With the
predicted demand, assessments of new supply- or demand-side resources can be made.
For IRP purposes, the most common LDC demand forecasts are annual and design peak-
day demands for each year of the planning horizon. If a gas utility has or is considering
seasonal storage resources, then a forecast of peak season requirements is also needed.
In addition to demand forecasts used in IRP proceedings, LDCs forecast demand for
shorter-term purposes: day-to-day operations, supply portfolio planning, and revenue
forecasting,

3.4.1 Econometric and End-Use Demand Forecasting Methods

There are two general types of forecasting methods: econometric and end-use.
Econometric models typically rely on historical data sampled over time (time series data)
or across customers (cross sectional data) to develop statistical relationships between
demand and one or more explanatory variables. Econometric models may also be
estimated using explanatory variables that are based on past values or moving averages
of demand variable.? A statistical “best fit” of coefficients are found which relate demand
to its explanatory variables (Pindyck and Rubenfeld 1981). The coefficients, along with
additional data on the model’s explanatory variables, may then be used to forecast
demand. Table 3-2 shows a range of explanatory data that can be employed in
econometric models for residential customers. A single econometric equation can be used
to estimate total sales (Level 1), two equations can be used to estimate number of
customers and use per customer (Level 2), or multiple equations can be used to estimate
the number of customers in particular residential subclasses and use per customer in each
of these subclasses (Level 3).

? Econometric models of this type are known as autoregressive (AR) and moving average (MA) models.
These models may be combined to form ARMA or integrated ARMA (ARIMA) models (see Pindyck and
Rubenfeld 1981). ARIMA models have proven to be very useful in forecasting peak-day demand.
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Econometric models are attractive because of their power to correlate historical demand
data with the historical explanatory data. Econometric models cannot, however, forecast
relationships that are not somehow embodied in the historical data. The demand impacts
of new, utility-funded DSM programs, which are undertaken to encourage customers to

Table 3-2. Levels of Load Forecast Disaggregation for Residential Customers

nonspace-heat

Source: Adapted from presentation by Jim Lamb {WAPA 1993)
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adopt greater levels of energy efficiency than would be expected from customer responses
to rates alone, represents an event that cannot be forecasted econometrically, at least not
with data sampled from a utility’s own service territory.

End-use models attempt to model explicitly, with varying degrees of sophistication, the
stock and energy intensity of existing gas-consuming buildings and appliances (see Table
3-2). Level 3 can be considered a quasi-end-use model because an explicit representation
of space heat and nonspace-heat loads is made. True end-use models begin at Level 4
where stocks of appliances are explicitly modeled. Level 5 illustrates a further expansion
of the end-use framework: appliance stocks and turnover rates are forecasted to model
the change in appliance efficiencies over time.

End-use models have advantages in an IRP context because they allow the impacts of
utility DSM programs to be readily reflected in the load forecast and because they make
underlying assumptions about the usage and efficiency of building and appliance stocks
transparent and understandable. End-use models also have disadvantages. First, end-use
models require extensive data that is not readily available to most LDCs. Utilities must
either conduct surveys to collect the data or borrow it from similar utilities that have
conducted such surveys. Second, the lack of time series data on all explanatory variables
makes end-use models difficult to verify although this should be less of an issue with
continued end-use data collection.

While the collection of end-use data may be seen as a significant model development
cost, end-use surveys have value beyond demand forecasting applications. For example,
Washington Gas Light used the results of end-use surveys it initially conducted for the
development of demand forecasting models for other purposes including the estimation
of price elasticities of demand, DSM program design, and DSM program evaluation (see
Table 3-3). To collect these data, the utility has spent roughly $500,000 since 1987
(Washington Gas Light Co. 1992).

In some states, end-use models are already being used for natural gas resource planning.
For example, in California, the California Energy Commission and investor-owned gas
LDCs rely on end-use models for long-term demand forecasts. Also, several combination
utilities have transferred their end-use modeling capabilities from their electric
departments to their gas departments. Econometric models are likely to remain common,
however, because of the short planning horizons in the natural gas industry and the
extensive data requirements of end-use models. Even if econometric models remain
common, however, some end-use modeling will be necessary in IRP processes to
estimate the impacts of utility-sponsored DSM.
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Table 3-3. Selected End-Use Data Collection Activities of Washington Gas
Light (District of Columbia Division}

iName of Survey of.-

Study

' Usee of Survey -

Load Research
Advisory Group (LRAG)
Residsntial Survey
{1987 and 1990
follow-up)

LRAG Commercial
Building Survey

1990 Boilsr/Furnace
Replacement Survey

ENSCAN Metering
Project

Socio-Economic
Survey

Hidden Savers Survey

Gather data on household
characteristice which could
affect enargy consumption,
including appliance
saturations and behavioral
characteristics. Follow up
survey allowed for tracking
of sample households over
time,

Assess the level of energy
efficiency in commercial
buildings.

Estimate the annual turnover
of boilers snd furnaces end
the percentage of the total
market that participated in
the utility's DSM programs.

Collect daily load data.
Subset of ENSCAN sample is
a part of the LRAG sample,
so inferences on appliance
use are possible.,

Collect race and income data
on participants to determine
whether programs are
reaching a broad range of
customers.

Invastigate why certain
program participants increase
rather than decrease
consumption. Look for
changes in participant
characteristics that could
explain the increase including
number of appliances,
building structure behavior,
and household size.

Source: Washington Gas Light 1992
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3.4.2 Weather Normalization Procedures

A significant fraction of residential and small commercial demand is typically weather
sensitive. For historical data to be useful for short- or long-term demand forecasting, this
weather sensitivity must be characterized and controlled for. Average or normal
temperature conditions are usually chosen for forecasting revenues and average utilization
of contracts and facilities. For planning total contract capacity and the size of facilities,
LDCs also want estimates of extreme peak day, peak season, or cold-year demands.

The simplest way to conduct weather normalization is to create an index that is directly
proportional to heating loads, such as the heating degree day (HDD) (American Gas
Association 1987b). The HDD for a particular day is equal to a predefined base
temperature minus the day’s average temperature.’ The base temperature is set at a point
where there are no heating loads. Traditionally HDDs have been recorded using a base
temperature of 65 degrees F. Lower base temperatures at 60 or 55 degrees F are,
however, becoming more common as the housing stock in the U.S. is becoming more
efficient and people are lowering thermostat settings. If econometric models are used,
then historical data are used to find the relationship between HDD and demand per
customer. If an end-use model is used, a simple linear relationship is assumed for all
heating end uses. Forecasted demand is then computed using a forecast of HDDs. For
average conditions, some historical average HDD is used. Extreme-day or extreme-
annual HDDs are used to compute design peak-day and cold-year demands, respectively.

Additional sophistication can be added to the weather normalization process. Daily
demand forecasting models require a recognition of the time lag caused by the thermal
capacitance of building shells; such a lag may be incorporated into models using lagged
demand or temperature data. Other weather data such as wind speed and solar insolation
can also improve the accuracy of models.

3.4.3 Peak-Day Models

LDCs also develop models to forecast peak-day loads in average or extreme weather
conditions, in part because many facilities, especially those located near load center, are
sized to meet peak-day loads. Most peak-day models are determined econometrically.
Historical winter season daily demands are used to determine a relationship between
demand per customer and HDD or temperature. The estimated equation will often include

? Similar to the HDD's ability to predict heating loads, cooling degree days (CDDs) are a temperature index
that can be used to predict cooling loads. CDDs may become important for gas demand forecasting if the
penetration of gas-powered cooling systems increases in the future.
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time-lagged temperature data patterns and wind speed. This estimated relationship is then
used to determine daily demand for the situation of interest (e.g., the peak-day
temperature that will satisfy the utility’s reliability criteria).

There are several approaches used by LDCs to define the design peak day. Ideally, the
design peak-day standard should be based on a benefit-cost study that sets marginal value
of service equal to marginal cost (see Chapter 4). In practice, however, most LDCs
determine their design peak-day requirements by choosing a reliability standard and
estimating demand at that standard. Because of the strong temperature dependence of
peak-day loads for most LDCs, reliability standards are characterized by a design
temperature or HDD. Some LDCs base their design temperature on the coldest day or
coldest cluster of days ever recorded in their service territories. For many utilities,
weather records are available for periods longer than 60 years. Other LDCs use the 90th-
or 95th-percentile cold temperature using all data recorded in their service territories. A
more sophisticated approach to determining the design temperature for a service territory
is to fit recorded cold-year temperatures to a mathematical distribution. The utility
chooses a mathematical distribution that appears to best describe the true variation in
temperature. The design day is set at the coldest temperature seen at the 90th, 95th, or
99th percentile of the firted distribution. Using fitted distributions to compute the design
peak day uses more information than just the data on the most extreme days; however,
the results depend heavily on the type of distribution chosen by the forecaster.

Several utilities are beginning to combine econometric and end-use techniques in their
peak-day forecast models. For IRP processes, the impact of appliance efficiencies on
peak-day loads must be considered if the capacity-related benefits of DSM are to be
realized. Analysts have attempted to incorporate appliance efficiencies into peak-day
models which is an important step in making demand forecasting more consistent with
IRP (Atlanta Gas Light Company 1992; Carillo 1992).

3.4.4 Demand Forecasting in an Unbundled World
Interruptible Demand

Interruptible demand is often an important component of an LDC’s demand mix. While
estimates of firm demand are needed to estimate the LDC’s need for capacity, estimates
of interruptible demand are needed for estimating revenues, rates, and profitability,
Previously, interruptible demand was categorized by a system of priorities that closely
matched customer class definitions. For example, it was commonplace for all electric
generation boiler load to receive equal priority and that priority was usually lower than
the priority given to industrial process load. In recent years, ample natural gas supplies
at the wellhead combined with more stringent air quality regulations in certain parts of
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the country have made gas more desirable for interruptible customers; this change has
resulted in demand for firm or quasi-firm service from all customer classes. Thus, it is
likely that all classes except for residential and small commercial will have firm and
interruptible subclasses in the future. The implication for demand forecasting is that
distinctions between firm and interruptible loads must be made for additional customer
classes and that such distinctions can add to the complexity of the demand forecasting
process,

Transport-Only Demand

3.5

3.5.1

When customer-owned transport began to appear in the 1980s, it was often considered
to be a subset of industrial interruptible demand because of the price sensitive nature of
transportation customers and the unavailability of truly firm transport-only service from
pipelines. Despite the quality limitations of retail transportation, the service has been a
huge success and now transport-only customers account for much of the total throughput
of many LDCs. In a post-636 world, the size and variety of customers that purchase
transport-only services from gas LDCs will increase. The result of growing demand for
transport-only service is that yet another dimension must be added to the demand
forecasting process. Many LDCs will now need to forecast sales separately from
throughput for every customer class in which transportation is offered. LDCs will
develop commodity portfolios only for their sales customers and will still need to plan
to acquire on-system capacity for their total firm throughput, which includes firm sales
and firm transport-only loads.’ Upstream of the LDC, it is an open question whether
LDCs will be responsible for acquiring capacity for their transport-only customers. The
LDC or PUC may require transport-only customers to acquire their own capacity.

Development of Alternative Integrated Resource Plans and Resource
Integration

Developing a Base-Case Supply Plan and Initial Avoided Cost Estimates

Once the relevant demand forecasts are prepared, the next step of an IRP process is to
develop a base-case plan. The base-case plan usually relies on traditional supply-side
resources and typically excludes proposed DSM programs and new or emerging supply-
side resource options. Avoided cost estimates, crucial for screening new resources
evaluated in alternative plans, are first calculated using the base case. To estimate these
costs, base-case demands are perturbed by some increment and the difference between

* Utility sales are equal to total throughput minus transport-only throughput.
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the base case and the perturbed base case is used to calculate an initial estimate of
avoided costs. Avoided costs are an important intermediate product of IRP processes
because they link the various planning models used in IRP, If IRP could be conducted
using only one model to evaluate all possible demand- and supply-side resources
simultaneously, avoided cost estimates would not be necessary. Such a level of
integration is usually impossible, so avoided costs become important for screening
alternative resources. Avoided costs are a function of a plan’s resource mix, so
re-estimation of avoided costs may be necessary as alternative plans begin to differ
considerably from the base-case plan. Methods for estimating avoided costs are discussed
in detail in Chapter 5.

Once a base-case plan is prepared and initial estimates of avoided costs are available,
alternative plans are developed that test one or more proposed utility actions. Possible
alternative plans could include a DSM program, a new rate design, or an alternative
supply-side plan. Although some PUCs may be reluctant to consider LDC marketing
(non-DSM) programs, LDCs can certainly use IRP processes internally to evaluate such
programs.,

DSM Program Options

Utility-sponsored DSM programs are undertaken to modify customer demands and
achieve an IRP objective. The modification of demands may be characterized in terms
of load-shape objectives and include: conservation (a reduction of demand in all hours),
load building, seasonal load reductions, “valley™ filling, peak clipping, and peak-load
shifting (see Chapter 7). Proposals for innovative pricing and improved rate designs can
also be considered DSM in an IRP context because they are also undertaken to modify
customer demands (Stutz et al. 1993). For example, PUCs and LDCs could consider
alternative plans that promote marginal-cost-based rates that price natural gas services
in proportion to current or future costs. Service characteristics that significantly affect
marginal costs and which should be considered when adopting marginal-cost-based rates
include: the time of year in which service is taken, the reliability provided, and the
pressure level/volume capability at which service is provided.

Alternative Supply-Side Options

Because of the ongoing industry restructuring, new supply-side resource options are
becoming feasible and, yet, may not be a part of the base-case plan. LDCs are
increasingly responsible for developing their gas supply portfolios. In response to changes
in pipeline transportation rate design as well as the advent of capacity release programs,
LDCs will reconsider their pipeline holdings and pay increased attention to storage and
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3.5.5

other capacity options. The IRP process is well suited for the evaluation of alternative
supply plans. LDC supply and capacity options and planning methods are discussed in
detail in Chapter 4.

Resource Screening

Because detailed evaluation of any resource can be complex, LDCs typically employ
screening analyses for both potential demand- and supply-side resources. As already
discussed, avoided costs are a key variable in these analyses. DSM screening is often
facilitated by use of dedicated computer models (see Section 3.8). Supply-side screening
usually involves looking at information on system load shapes and the fixed and variable
costs of supply-side options (see Section 4.3.3 for additional discussion). During the
screening phase, it is a good idea to retain resources that are marginally cost-effective
to allow further consideration in the more detailed resource integration stage.

Resource Integration

The goal of resource integration is to find the mix of resource options that best meets
IRP objectives. Resource integration is facilitated by the use of gas dispatch and capacity
expansion models. These models compute total system cost and help insure that energy
service needs have been met adequately.

An important resource integration issue is where to incorporate the effects of a DSM
program: as a modification of customer demands or as a resource option that is selected,
along with supply-side resources, in the gas dispatch and capacity expansion models. It
1s common to incorporate DSM programs as a modification of demand. The reasons
appears to be simplicity and the fact that many supply-side models are not well equipped
to incorporate DSM programs as a resource. Studies that have looked at this issue in
electric IRP have found representing DSM programs as a demand modifier can introduce
inaccuracies that bias the TRP plan (Stone & Webster 1989; Hill 1991). Bias can be
introduced because DSM programs that are treated as demand modifiers are usually
selected using preliminary estimates of avoided cost that may not be equal to the final
estimates. Treating DSM as a resource means that it can be evaluated in a manner
consistent with supply-side options and modeled more flexibly (e.g., program size and
implementation dates may be varied). Treating DSM programs as a modification of
demand is acceptable, however, so long as careful attention is paid to changes in avoided
costs, and alternative program sizes and implementation dates are considered.

46



3.6

Treatment of Uncertainty

Uncertainty is a critical
factor in gas utility
resource planning.
Whenever a plan
considers resource
options that require
irreversible decisions,
are capital intensive, or
require long-term
financial commitments,
the potential benefit of
such options is clouded
by uncertainty. The
importance of
considering uncertainty
is illustrated in Figure
3-3. The figure shows
distributions of total
cost for two alternative
resource plans, A and
B. Plan A has a lower
expected value than B,
but Plan A has a larger
standard deviation. As
a result, there is a
greater risk that plan A
will, in fact, be more

Figure 3-3. The Importance of Accounting for
Uncertainty in Resource Plan Selection
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costly than Plan B. An LDC or PUC considering these two plans should give serious
consideration to Plan B because it reduces risk. Key variables that contribute to
uncertainty in resource planning include: demand fluctuations, gas commodity prices,
prices of alternative fuels, level of economic activity, environmental and economic laws
and regulations, weather, decisions of competing firms, the cost and availability of
resources, and DSM program market penetration rates,

Uncertainty can be characterized in several ways. If a particular variable is uncertain but
has been measured over time, one can characterize uncertainty by estimating its mean
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and variance.® A plan’s ability to respond to uncertainty may be characterized both
qualitatively and quantitatively. Qualitatively, plans are often described in terms of their
Slexibility or robustness. A flexible plan allows for changes to be made in midcourse.
Robust plans are optimal over a wide range of possible outcomes. It is also possible to
use quantitative methods to assess a plan’s ability to respond to uncertainty. Four general
methods for analyzing uncertainty in an IRP context are: (1) sensitivity, (2) probabilistic,
(3) scenario and worst-case, and (4) multi-attribute. (Hirst and Schweitzer 1988; Hirst
1892a)

3.6.1 Sensitivity Analysis

Of the general methods for addressing uncertainty, the easiest is sensitivity analysis, in
which a preferred plan is developed using a deterministic set of inputs; key inputs are
varied over a plausible range to assess their impact on key output variables. If key results
change significantly, alternative plans should be considered.

3.6.2 Probabilistic Analysis

With probabilistic analysis, key variables are given probability distributions as well as
mean values. Key outputs are computed using not just expected values of input variables
but also combinations of inputs taken from other points on their probability distributions.
Outcomes are computed by either enumerating all possible configurations of inputs and
computing outcomes for each configuration or by setting a fixed number of runs where
values for each input are sampled in accordance with their probability of occurrence. The
latter method is known as a Monte Carlo analysis. For either method, all random
variables need to be characterized by their degree of dependence on or independence
from each other,

Probabilistic analysis is illustrated in the reliability plan developed at San Diego Gas &
Electric Co.; it is highlighted in Exhibit 4-1.

* A mean is the simple average of a sample or population. Variance is a measure of how a variable will
move around its mean and is equal to the average of the square of each dala point minus the mean of the data.
A standard deviation, which is equal to the square root of the variance is another common measure of
uncertainty. A bandwidth that is set at a variable’s mean plus or minus its standard deviation will encompass
68% of a sample or population’s variation. Two standard deviations will encompass 95% of the vanation. A
related term is risk: the probability or chance that a certain positive or negative outcome will occur.
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3.6.3 Scenario and Worst-Case Analysis

3.6.4

In scenario analysis, sets of internally-consistent input assumptions are developed before
a plan is constructed. Scenarios could describe such futures as “most likely,” “high
commodity price, low economic activity” or “high demand caused by environmental
regulations.” Plans are developed separately for each scenario. This method of addressing
uncertainty is useful because it may find a course of action that is not least cost under
the “most likely” scenario but is the most appropriate course of action in a large number
of scenarios.

Scenario analysis may be considered an intuitive form of probabilistic analysis. Although
probabilistic analysis is theoretically attractive, it may be too difficult to articulate the
nature of each random variable and the variables’ relationships to each other. For
example, weather is uncertain but, because of historical records, can have its uncertainty
characterized precisely. On the other hand, the demand for natural gas powered vehicles
is also uncertain but has no historical precedent, so any distribution assigned to a demand
variable would require considerable judgement. Rather than force numeric distributions
on each source of uncertainty, scenario analysis only requires a handful of internally
consistent scenarios. Optimal plans are then developed for each scenario. The challenge
in scenario analysis is to maximize the use of available data and intuition to develop a
representative set of scenarios.

A variation on scenario analysis is something called “worst-case” analysis. In this
analysis, the utility plans for one extreme scenario but ends up facing a totally different
scenario. Such an analysis gives an estimate of the cost of being “wrong” and shows the
benefits of flexible plans.

Multi-Attribute Analysis

Rather than develop input scenarios, it is also possible to develop sets of attributes,
objectives, or criteria. A set of plans are then rated according to their ability to meet
major objectives (such as those listed in Table 3-1) or specific plans are developed that
best meet specific objectives. For each objective, the plan may be subject to sensitivity
analysis or probabilistic analysis. Plans that are best for a wide range of objectives are
given favor in this type of approach. For example, Washington Gas Light rated several
plans against eight attributes and each plan was given a total score based on its ranking
for each attribute (see Table 3-4) (Washington Gas Light Co. 1992).

A multi-attribute analysis often addresses uncertainty implicitly because the attributes
selected can be indicators of a plan’s riskiness. For example, an attribute that measures
the share of long-term contracts in the gas supply portfolio indicates a concern over the
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Table 3-4. Ranking Alternative Plans Against Attributes: Washington Gas
Light Co.

_____ f - 100% of . - 125% of . DSM Pilot.
+-DCPSC's -+ 5 -Programs -
e R . pSM L Only
CAtbute Goal  Goal -
Meet Design Day & Sales Req. 9 2 1 8
DSM Programs 9 2 1 8
Commission Goals 2 9 10 3
Least Cost 6 1 2 9
Free Riders 9 2 1 8
Rate Impact 9 2 1 7
Environmental Impact 2 9 10 3
Good Will 1 5 2 8
TOTAL 47 32 28 54
Note: DCPSC = District of Columbia PSC
Source: Adapted from Washington Gas Light (1992}

price volatility or reliability of short-term supplies. The more risk-related attributes are
included in the analysis and are given weight, the more likely it is that the ultimate plan
selected will be able to respond to uncertainty.

Public Participation and Action Plans
Development of an integrated resource plan involves more than just technical analyses.
As described by Hirst (1992b), a comprehensive IRP regulatory process should include

meaningful public participation and action plans. These components are described further
below,
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3.7.1 Public Participation

Most PUCs have well developed rules for allowing public participation in commission
proceedings. In an IRP proceeding, public participation can be enhanced through the
creation of a technical advisory group. For participation to be meaningful, several things
must occur. First, participation in the plan should begin at an early, preapplication stage
so that any contributions of the participants have a chance of being incorporated into the
filed plan. Second, the advisory group should include members from a wide range of
interests. Relevant parties include consumer representatives, PUC staff, environmental
groups, gas pipelines and suppliers, and representatives of the DSM and building trades.
Third, although expertise on gas issues should not be a prerequisite, the utility should
strive to include members who are either knowledgeable about some of the subject areas
or who can commit the time to make a meaningful contribution. Fourth, advisory group
members should be given a real opportunity to make a contribution to the plan. This is
not to say that the utility has to agree to everything that the members of the advisory
group want, but the utility should, where there is consensus, strive to incorporate into
the plan contributions made by advisory group members and, in areas where there is
disagreement, respond to questions or criticisms raised about the plan.

Some PUCs have taken the advisory group concept a step further and promote
collaborative processes that represent an intense form of public participation on one or
more aspects of an integrated resource plan (e.g., DSM program development).
Collaborative processes usually involve frequent meetings and detailed review of issues
with the goal of trying to build a consensus on as many issues as possible. In some cases,
consensus processes are better able than traditional, litigated proceedings to reach
agreement on certain challenging issues or focus areas of disagreement for later
resolution by the PUC (Raab and Schweitzer 1992).

A major challenge for PUCs that wish to see successful public participation in gas IRP
proceedings will be how to respond to LDC requests for confidentiality on the price and
availability of certain resource options. Gas LDCs are likely to either resist submitting
or request confidentiality on certain information because they believe such information
could harm them competitively. It is possible to establish a procedure for reviewing
requests for confidentiality and, if necessary, make certain aspects of the IRP filing
subject to protective orders. Unfortunately, such procedures and orders may have the
effect of limiting or increasing the cost of public participation.
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3.7.2 Action Plans

3.8

3.8.1

“Least cost planning” transforms into “least cost doing” by means of the action plan,
which describes a set of near-term activities designed to achieve integrated resource plan
goals. ‘Action plans usually describe the near-term goals and activities for the utility’s
DSM programs (including measurement and evaluation), supply acquisition activities,
utility projects to improve the quality of the next plan (model development, data
collection), and continued public participation.

Overview of IRP Models

Computer models facilitate several of the major areas of IRP; demand forecasting, DSM
screening, the estimation of gas system supply and capacity costs, and financial and rate
modeling. Table 3-5 characterizes the major types of computer models available. Models
used in electric utility planning have a long history and have had extensive technical
review, including scrutiny during the course of litigated PUC proceedings. In contrast,
planning models for gas LDCs are relatively new and have not been scrutinized to the
same degree.

Models can be important tools in IRP and provide valuable insights; however, if data are
poor or assumptions questionable, model results will not be very useful. In reviewing
IRP plans, PUC staff should pay particular attention to underlying assumptions and
quality of input data.

Demand Forecasting Models

Demand forecasting models may be categorized as either econometric or end-use (see
Section 3.4). Many generic econometric computer packages are available. End-use
demand forecasting models are more specific to the energy utility industry than
econometric models are. End-use modeling for gas LDCs is still in a developmental stage
and some LDCs have adapted end-use models originally developed for electric utilities.
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Table 3-5. Classification of Gas IRP Methods and Models

gamples of

:Commercially-Availabla . .

- Models {8 Vendors)

lLA. Demand
Forecasting:
Econometric

CEAY: s Demand i
-~ " 'Forecasting: End -
Use

. DSM Screening

il A, Systern Supply
<and Capacity '
:Costs: Gas
Systern
Simulation
lil.B. Systam Supply
and Capacity
Costs: Gas
Dispatch

Il.C. System Supply
and Capacity
Costs: Capacity

Expansion

v, Financiel and
Rates

V. Integrated

Source: LBL and GRI data

*Foracast:
-firm & interruptible
annual gas demand
-firm peak-day demand
-other peak periods, such
as cold-year winter

- e Are most-useful foréstimating -’

" ‘annual requirements of firm

customars .

+Can explicitly modei the
impacts of DSM programs
*Track end-use data
*Estimate DSM program
savings

sCompute benefit-cost tests
*Model market diffusion
processes

*Produce pressures & flows st
various points in the LDC"s
syatem -

¢ Asgess the feasibility & cost of
sltarnative- expansion plans in
detail

*Datermine the optimel use of
existing gas supply facilities &
contracts

*Compute average costs,
matrginal costs

*Estimate curtailmants
*Computa optimal choice of

-supply- (& possibly demand-)

side reaources over & multi-year
time frame
sProduce leeat-cost supply plan
& {ong-run avoided costs
+Computae:
-revenue requirements,
rates
-financial staternents
-key financial indicators
sProvide modules that cover the
following areas:
-dispatch
-capacity expansion
-DSM program screening
-dermmand forecasting
-marginal costs
-financial and rates
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s Utilities usually build upon one of the
many standard econometric packages

‘*COMMEND {EPR{):has byen adapted..
“to the natural gas industry by We. Gas

Light ' _

*L OADCALC (Applied Ener'gy Group)
*COMPASS (SRC)

*DSM Pianner (BCI, Inc.)

*ECQO (Tellus Institute)

*GASSS & GASUS (Stoner Aesoc.)’

*GDC (Planmetrics)

*Sendout (Energy Management
Assgociates)

*GasPlan {Tellus Institute)

*ROGM (Raab Economic Consulting)

s+Contract Anelyzer (Planmatrics)
*Sendout (Energy Management
Associates)

*GasPlan (Tellus Institute)

*ROGM {Reab Economic Consulting)

*PROSCREEN N {Enargy Management
Associates)

*UPlan-G (Lotus Consulting Group)
«Sendout (Energy Management
Associates}

*Energy 2020 {lllinois Dept, of Energy
and Natural Resources}




3.8.2 DSM Screening Models

DSM screening models are useful for developing a portfolio of DSM programs. For
evaluating DSM programs, data are needed on end-use characteristics, stocks of
appliances, and the cost and performance of DSM measures. Commercially-available
DSM screening models often include default values for some of these inputs and typically
calculate the standard economic tests for DSM programs (see Chapter 6). Some DSM
screening models include market diffusion models, which can be useful for estimating
the market penetration of DSM technologies.

3.8.3 System Supply and Capacity Cost Models
Gas System Simulation

Gas system simulation programs (Table 3-5, item III.A) actually model the flows and
pressures of a gas transmission and distribution network based on detailed representations
of the gas system’s pipes, compressors, storage reservoirs, and valves. These models
take a detailed description of a gas pipeline, storage, and distribution facilities and solve
for pressures and flows using algorithms that model the behavior of natural gas in a
network system. To simplify the complex problem these models are designed to solve,
the models typically simulate the gas utility system using only daily or hourly demands
for limited periods of time at design conditions. Network simulation models have not
been introduced into IRP proceedings, but they are essential in determining the cost of
supply-side capacity expansion options. For an accurate estimate of the capacity of a
pipeline or storage resource option, the option must first be modeled using a gas system
simulation model.

Gas Dispatch or Sequencing Models

Gas dispatching or sequencing is the process of scheduling and taking gas on a short-term
basis. Dispatching is done on an hourly and daily basis by the gas control group of every
gas LDC. Complex data acquisition and control systems as well as transaction data bases
are used by many LDCs to track gas flows and dispatch resources in real time and to
make short-term forecasts. Such systems and models are not discussed further here. IRP
processes will, however, use simplified models of the gas dispatching process for
medium- and long-term planning purposes. Dispatch models may be used to make
detailed forecasts of an LDC’s contract mix and purchased gas budget one month to two
years into the future. For longer-term planning, dispatch models are used to estimate the
impacts of facility additions on purchased gas costs. The gas dispatching problem can be
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solved in a variety of ways including spreadsheets, utility simulation, and linear
programming techniques (Homby 1991; Washington Gas Light Co. 1992). The general
goal of the model is to find a least-cost dispatch of gas supply resources subject to firm
demand constraints, interruptible demand price constraints, capacity constraints, storage
limitations, and contractual constraints (particularly minimum take obligations). While
many LDCs rely on models developed in-house, a sample of commercially-available
models is shown in Table 3-5.

Gas dispatch models used for planning purposes must model the highly variable loads
that are common to LDCs. One simple way to do this is to “splice” loads for the design
peak-day onto an annual load profile. With this hybrid demand profile, the model can
compute a least-cost dispatch for the expected year and make sure that adequate supply
and capacity are available on the peak day. Demand variability is also addressed by
performing multiple dispatch model runs for each year under different weather scenarios.

Capacity Expansion Models

3.8.4

As the time horizon grows to periods greater than one year, the LDC faces the problem
of optimizing the mix of contracts and facilities as well as the problem of economic
dispatch. Capacity expansion models are designed to address this problem. Two general
approaches to solving the capacity expansion problem are iterative simulation and full
optimization. In the iterative approach, a utility articulates a set of facilities and then
computes total costs over a multi-year period. In conjunction with this method, gas
dispatch models may be used to compute purchased gas costs. Alternative plans are
developed and simulated until an optimal one is found according to the LDC’s planning
objectives. Some trial and error is involved in selecting plans for simulation. LDCs
commonly use the iterative approach and implement the approach using in-house models.
In the full optimization approach, the planning model automatically selects and sizes
facilities and computes total cost. The models find the optimal expansion plan using
automated iterative simulations, linear programming, or other optimization algorithms.
Most commercially-available capacity expansion models can run as optimization models.
Capacity expansion planning methods are discussed in more detail in Section 4.3.

Financial and Rate Models

Financial models typically compute income statements, balance sheets, and cash flow
statements for each year of the plan. This information is useful for estimating impacts
on an LDC’s cost of capital and shareholder impacts. Many LDCs have financial models
already developed in-house. Although financial models are needed for short-term
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operational purposes, financial models used for medium- or long-term planning are
usually simpler than those used for operations.

Rate models take the cost data estimated by gas dispatch and capacity expansion models
and use these data to compute class average rates and, possibly, specific tariffs for each
year of an IRP plan. This information is useful for determining an integrated resource
plan’s economic impact on a particular customer class. If an LDC’s gas demand
forecasting model responds to changes in rates, rate models are also necessary to update
the demand forecast. Most rate models are developed by utilities in-house.

Integrated Models

LDCs and PUCs must make an important decision before embarking on an IRP analysis:
whether to use linked, detailed models or to use an integrated model. Electric utilities
faced the same choice when developing IRP models for their industry (Eto 1990). With
the first approach, utilities link into an integrated process the inputs and outputs of
individual, detailed models for each step of the integrated resource plan. In the second
approach, utilities use integrated planning models that incorporate elements necessary for
a comprehensive analysis of DSM and supply-side options, and major linkages among
the major areas of analysis are handled automatically by the program. Commercially-
available integrated models for gas utilities have been developed by Lotus Consulting
Group and Energy Management Associates. Despite the availability of integrated planning
models, most gas utilities have used linked, detailed models. The advantage of the linked,
detailed approach is that utilities can maximize use of their existing model capabilities
already developed and maintained in various company departments. Linking models from
different departments in an IRP proceeding can also provide an incentive for departments
to increase communications among themselves, Further, the linked, detailed approach can
lead to maximum consistency between IRP modeling results and the results of modeling
efforts conducted by the LDC internally or in other regulatory proceedings. The
advantage of integrated models is that, once set up and calibrated, they are simpler to
use, especially when many alternative plans are to be tested. Integrated models may also
be better suited for use in contested IRP proceedings where parties other than the LDC
want to independently prepare LDC resource plans.

56



3.9

Summary

Gas IRP takes a set of multiple objectives for meeting customer energy service needs of
a gas utility and creates a plan to best meet those objectives. The major areas of analysis
in IRP are demand forecasting, DSM resource selection, supply-side resource selection,
resource integration, and financial and rate forecasting. The planning horizons of gas
integrated resource plans are typically shorter than those for electric integrated resource
plans. Ten years is a common time horizon for gas integrated resource plans. Overall,
the informational and coordination requirements of gas IRP are large, but IRP provides
a way to improve the quality of resource planning decisions.

Demand forecasting may be done using econometric or end-use methods. Econometric
methods are more common, but end-use methods are gaining acceptance by gas utilities.
Even if econometric models are used, some sort of end-use modeling is necessary to
incorporate the impacts of utility-funded DSM in the demand forecast. Demand
forecasting will grow more complicated as the range of services offered by gas utilities
increases.

Gas IRP includes enhanced public participation and action plans to insure successful
implementation. Some utilities and PUCs have found collaborative processes to be useful
in improving the design of DSM programs, and, in some cases, these processes can
result in reduced transaction costs compared to more traditional regulatory processes that
involve litigation. Action plans provide a concrete set of actions for the near term that
are consistent with the long-term plan.

Commercially-available computer models exist for almost every aspect of gas IRP,
including integrated models. Most utilities have chosen to rely on linked, detailed models
because this approach maximizes the use of an LDC’s existing modeling resources.

Ideally, DSM should be treated as a resource option in the supply planning process rather
than as a modification to the demand forecasts. DSM resources may also be modeled as
demand modifiers if careful attention is given to changes in avoided costs caused by
changes in the IRP plan and if alternative program sizes and implementation dates are
considered.

A good way to address uncertainty is to carefully select a set of internally consistent
scenarios for which alternate IRP plans are developed or to evaluate alternative IRP plans
against a set of key attributes. The best plan may not be the lowest cost plan for any
single scenario or attribute. Instead, the most robust plan is likely to perform well over
a wide range of scenarios or to meet multiple engineering, economic, customer service,
and public policy objectives.
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Chapter 4

4.1

4.2

4.2.1

Supply and Capacity Planning
for Gas Utilities

Overview

This chapter discusses resource planning methods of gas local distribution companies
(LDCs) with an emphasis on supply-side alternatives. The supply-side planning
environment for LDCs is rapidly changing as more resource options are available, and
LDCs can no longer rely on gas pipelines for supply management. The ramifications of
gas industry restructuring are not yet fully understood and more changes are likely.
Analysts and industry participants have issued reports and papers that focus on supply
and capacity planning problems for LDCs, but none are comprehensive in light of the
rapid change in the industry (NARUC Staff Gas Subcommittee 1990; Hatcher and
Tussing 1992; U.S. Department of Energy (DOE) and the National Association of
Regulatory Utility Commissioners (NARUC) 1993). This chapter discusses gas supply
and capacity planning with an emphasis on four topics: (1) existing and emerging supply
and capacity resource options, (2) major supply and capacity planning methods and
issues, (3) public utility commission (PUC) oversight of gas LDC procurement decisions,
and (4) reliability and contingency planning.

Planning for Gas Supply Portfolios
Overview

With the ongoing gas industry restructuring, the scope of gas LDC procurement activities
has been reduced now that large end users have taken increased responsibility for
procuring their own gas supplies. Gas LDCs still procure supplies for firm, usually
“core,” sales customers and many interruptible sales customers. Gas LDCs also procure
gas as a standby or balancing service for transport-only customers who intermittently fail
to deliver their own gas. LDCs can procure gas from an expanding set of supply options.
In this section, the major types of gas supply contracts are discussed and terms and
concepts are introduced for regulatory staff who are involved in reviewing and evaluating
an LDC’s supply plan. Alternative regulatory frameworks to review LDC procurement
decisions are also discussed because a PUC’s review process can significantly influence
a gas LDC’s procurement practices.
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4.2.2 Gas Supply Options

A diverse set of gas supply options has existed for several years at the wellhead, and, in
a post-636 environment, LDCs will be expected to look beyond interstate pipelines for
sources of firm supply. Because of concern about the future price and availability of spot
gas supplies, LDCs will also be re-evaluating the “short” side of their gas portfolios,
Table 4-1 briefly describes the major types of gas supplies by contract type. Gas supply
contracts are either physical gas contracts or financial gas contracts. Physical contracts
include pipeline sales service, long-term firm contracts, gas reserve purchases, monthly
or multi-month firm contracts, spot contracts, and customer buybacks. Financial gas
contracts are relatively new in the gas industry and include contracts that are primarily
designed to mitigate price risks rather than provide physical gas supplies. Financial gas
contracts include forward, futures, options, and swap contracts. The remainder of this
section examines key issues that arise for LDCs when assessing these supply options.

Basic Contract Terms.: Spot Contracts

Any gas supply contract needs to specify the quantity of gas sold, term of the sale, point
of delivery, and price. Because of the short, nonfirm nature of spot contracts, their terms
may be considered the lowest common denominator of all gas contracts. Spot contracts
specify an average daily quantity of gas as well as a maximum daily quantity (MDQ) of
gas. MDQs are usually higher than the anticipated average demand to allow for daily
variations in demand. Usually one party will act as a shipper and be responsible for
scheduling gas delivery on the interstate pipeline and paying any transportation charges.
Spot contracts allow either party to terminate the contract without penalty. Sometimes
prices are renegotiated midmonth to prevent either the buyer or seller from terminating
the contract.

Characterizing Long-Term Contracts

Long-term contracts are not synonymous with firm contracts, but reliability provisions
are commonly included in longer-term gas contracts. Longer-term contracts are entered
into for at least four reasons: (1) to improve supply reliability, (2) to improve price
stability, (3) to improve revenue stability, and (4) to reduce transaction costs. In addition
to the basic provisions included in spot contracts, longer-term contracts include
provisions regarding supplier reliability, volume or take flexibility, and price
determination. Supplier reliability is very important to buyers and buyers often attempt
to eliminate unreliable suppliers by requiring potential suppliers to go through a
prequalification process. Buyers ask the following basic questions when assessing supplier
reliability: (1) does the supplier control the physical resource? (2) does the supplier
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Table 4-1. Overview of Gas Supply Options

Spot

Long-term Firm

Contracts to sell gas that allow either party to terminate without penalty. Term is
usually on & calendar month basis. Spot markets are now evolving into daily
markets where significant trading (and price veriation} occurs all month long.

Gas supply contracts with terms longer than one year. A long-term firm contract
usually provides greater reliability than a similar sized spot contract and includes
procedures for dispute resolution. In return for accepting performance-penalty
terms, the supplier usually requires the buyer to make volume commitments in the
form of gas inventory charges, take-or-pay charges, reservation charges, or other
minimum-teke provisions. Prices may be fixed, indexed to inflation, indexed to spot
gas prices, or indexed to alternative fuel prices.

Monthly or Contracts for firm supply on a short-term {less than one year} basis. They are
Multi-Month usually entered into to supply swing- and heating-season loads. They are
Firm considered more reliabie than spot supply and cen provide a higher degree of price

Pipeline Sales
Service

Purchase of

certainty than spot.

As a result of FERC Order 638 pipeline sales gas {merchant function) are
deregulated and unbundled from associated pipsline transportation and storage
services. Merchant services provided by a pipeline or its affilistes may not be
bundled with any regulated pipeline services and must compets with unaffiliated
marketers that also sell gas through the pipeline,

A contract that purchases a quantity of proven or developed gas reserves, The

Reserves reserves may require edditional development before they can be deliverad to the
customers. The reserve purchese contract may be in the form of a joint venture
among a set of partias.

Forward A forward contract is a contract to buy a quantity of natural ges at a spacific

Contracts, location on a prespecified future date. Futures contracts are a type of forward

Futures, contract that is publicly traded on the New York Mercantile Exchange (NYMEX}. An

Options, and options contract is the purchase of the right {but not the obligation) to buy a

Swaps quentity of ges supply for a prespecified period at e prespescified future price, Swap
contracts allow the exchange of gas contract terms between two parties without
necessarily a trade of physical assats.

Customer Utilities can meke advence arrangements via contracts or tariffs to buy gas supply

Buyback or gas capacity from certain firm customers to meet the needs of other firm

customers during periods of high demand. A variation of customer buyback is
known as a “BTU” contract where an slternative-fuel-capable customer agrees to
be curtailed at the utility’s discretion. The customer is reimbursed for the difference
between the delivered price of gas and alternative fuel available to the customer.

control necessary transportation rights? (3) does the supplier have adequate “back office”
resources (personnel and information and control systems) to respond to changing
conditions such as last-minute nomination changes? and (4) what is the financial strength
and reputation of the supplier? These reliability concerns are reflected in long-term
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supply contracts via penalty provisions, warranties, or early termination provisions if the
seller fails to deliver. Although most firm contracts will have some sort of force majeure
clause that will excuse the seller from performing because of unexpected events that are
beyond the seller’s control, the firmest contracts will have very narrow force majeure
terms. With penalty or early termination provisions, buyers are financially compensated
in the event a supplier does not perform. Under warranty provisions in firm contracts,
suppliers warrant performance under the contract with their entire resource
base—essentially waiving supplier force majeure terms,

Most firm contracts provide for revenue stability, which is valuable from the seller’s
perspective, by placing incentives in the contract to keep load factors high via a fixed
payment obligation, a minimum-take provision, or a gas inventory charge (GIC).!
Although these specific clauses vary in their mechanics, all discourage the buyer from
deviating from the nominal volume terms of the contract. Because load factors are low
for many LDCs, volume flexibility is an essential element of firm contracts but is likely
to come at a price because of the seller’s desire for revenue stability.

Some firm contracts, especially those of less than one year’s duration, simply specify a
fixed price. Longer-term firm contracts are likely to have more complex pricing
formulae. Many firm contracts are indexed to spot prices but with significant
embellishments. First, the contract may specify a premium or a discount from spot
prices. Second, spot prices may be part of a formula that dampens fluctuations in the
contract price relative to spot prices or combines a spot index price with other indices,
such as alternative fuel prices or inflation indices. Besides initial price determination
rules, long-term contracts often include conditions under which price can be renegotiated
and any indices readjusted.

The Future Role of Pipeline Supply Services

Pipelines were the traditional source of gas supply for many LDCs. With the Federal
Energy Regulatory Commission’s (FERC’s) Order 380, LDCs were no longer required
to meet pipeline minimum bill obligations and began to take advantage of low-cost
supplies that became available in the spot market. This trend accelerated with the passage
of FERC Orders 436 and 500 et al., which encouraged the availability of
nondiscriminatory transportation services. Despite the availability of transport-only
services, many LDCs still relied on pipeline supplies to meet their firm customers’ needs

' Take or pay charges are another way to insure volume/revenue stability although this term is no longer
commonly used in new gas supply contracts, GICs were originally FERC-regulated supply inventory rates for
gas held by interstate pipelines. It appears that the term GIC is being carried over into deregulated gas supply
contracts at least in some instances.
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during peak seasons., FERC Order 636 deregulated the gas sales operations of the
regulated pipeline companies. As a result, pipelines have (1) negotiated gas supply
contracts with their customers on a deregulated and unbundled basis, (2) sold or assigned
gas supplies to an affiliated LDC or marketing company, (3) bought out or otherwise
terminated gas supply contracts with producers, or (4) sold or assigned gas supply
contracts to independent marketers. Any gas sales subsequently made to customers via
options (1) and (2) are subject to the FERC’s existing rules regarding standards and
conduct and reporting requirements between pipeline operating divisions and their gas
marketing division or affiliate under FERC Order 497 (Federal Energy Regulatory
Commission (FERC) 1988). To facilitate the transition to an unbundled pipeline industry,
the FERC will allow four different kinds of prudently incurred costs to be considered
transition costs and to be recovered by the pipeline through its transportation rates: (1)
unrecovered PGA balances, (2) gas supply “realignment” costs, (3) stranded investments,
and (4) new facility costs necessary for implementing the rule.? In the post-636
environment, supplies from the affiliated marketing arms of pipelines will not be very
different from supplies available in the competitive marketplace. Pipelines are required
to offer supply service at deregulated rates before selling gas supplies to other parties.
Some LDCs are choosing to buy gas from the pipeline while other LDCs have ceased
sales transactions with their pipelines and are now negotiating with producers or
marketers for firm gas supplies.

Although the pipeline merchant function is deregulated and diminishing, pipelines will
still offer a limited supply service in the form of balancing services. First, pipelines are
required to provide no-notice transportation service to customers who took bundled city-
gate services as of May 18, 1992, This service is technically a transportation service, but
because it allows a pipeline customer to transport gas from the pipeline without advance
notice, pipelines providing the service will have to have gas supplies on hand until the
customer replaces the taken gas with its own. Second, some pipelines will offer balancing
tariffs, which allow customers to pay for the right to be out of balance by a certain
amount every month. Third, pipelines have imbalance tariffs and scheduling penalties to
charge customers a premium price for gas consumed on an unscheduled basis and
reimburse customers (usually at a discount) for gas supplied on an unscheduled basis.

2 1t is FERC policy to allow pipelines to recover 90% of prudently incurred transition costs via firm
transportation reservation rate surcharges and 10% via interruptible rates. Gas supply realignment costs were an
important issue addressed in FERC Orders 500 and 528 (FERC 1987 and 1990) . The FERC’s allocation of
these realignment costs, mostly take-or-pay buy-out or buy-down costs, required pipeline shareholders to absorb
a portion of the transition costs. According to the FERC, the Order 500/528 allocation rules will remain in
effect until pipelines are in full compliance with Order 636.
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Futures and Other Types of Financial Gas Contracts

Financial gas contracts are an increasingly popular resource option to gas buyers. Most
financial gas contracts are considered to be derivative contracts; i.e., the value of the
contract is derived from prices in one or more primary commodity or financial markets,
Futures and options contracts have emerged as the most well-known forms of financial
gas contracting. A futures contract is a standardized type of forward contract that is
publicly traded. A natural gas futures market has been open on the New York Mercantile
Exchange (NYMEX) since April 1990. The market allows a party to buy or sell multiple
contracts of 10,000 MMBtu each of natural gas for delivery at the Henry Hub of the
Sabine Pipeline Company in Louisiana up to 18 months into the future. “Open interest,”
the number of outstanding contracts at a given point in time, has grown steadily since the
market’s inception and averaged more than 2,000 in 1992 (Energy Information
Administration (EIA) 1993c; Mitchell 1993). The seller of a futures contract is obligated
to provide the gas at Henry Hub at the future date but, as in other commodity futures
markets, many of the contracts are sold before the future date so only a fraction of the
outstanding contracts ultimately result in a physical delivery. The futures market provides
two valuable functions from the perspective of gas utilities and consumers: (1) it provides
a price discovery function (i.e., futures prices represent current expectations of where
prices are heading) and (2) futures contracts and related options contracts allow buyers
and sellers of gas to protect themselves from unfavorable price changes. By buying or
selling in the futures market, one can lock in a particular price up to 18 months before
delivery begins. Figure 4-1a compares unhedged prices to contracts purchased on the
futures market. The futures contract at $2.20/MMBtu is represented as the horizontal
line. The “45 degree™ line shows the price that would be paid if a buyer bought gas in
the spot market rather than buying a futures contract for delivery up to 18 months into
the future. With a futures contract, the buyer would take the gas at the $2.20/MMBtu
contract price regardless of subsequent spot market prices. Options contracts allow
flexibility in price hedging. For example, a buyer of gas worried about price run-ups,
could buy call options for purchasing gas at a prespecified “strike” price for a
prespecified time period in case future prices eventually exceed the strike price.
Similarly, a seller of gas, worried about price drops can buy put options contracts, which
guarantee a floor price. Put and call options contracts can be combined into “fences” or
“collars” that provide a price ceiling and a floor (see Figure 4-1b).

Although the futures market is a useful tool for managing gas price risks, the market has
several limitations;

* Contracts are available only 18 months into the future so the NYMEX futures
market does not provide a way to manage longer-term price risks.
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Figure 4-1. Examples of Contracts Available on the Futures Market
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¢ The market does not explicitly address risk associated with demand
variability. Parties that hold futures contracts on the contracts closing date are
obligated to buy or sell. In contrast, nonexchange-traded long-term firm gas
contracts may have provisions that allow the buyer greater volume flexibility.

¢ Closing futures prices have not tracked spot prices as well as would be
expected in an efficient market (Energy Information Administration (EIA)
1993c). Closing futures prices for a given month have generally been higher
than spot prices for the same period. Although the difference between closing
futures and spot prices may shrink, it is a potential inefficiency in the current
market.’

* The futures market depends on speculators to make it liquid. Although they
are essential to a proper functioning futures market, speculators can add
volatility to the market, which can make regulators reluctant to allow LDCs
to directly participate in the market.

Regulatory structures that facilitate or allow for LDC participation in the futures market
are discussed in more detail in Section 4.2.4. In two cases where a specific incentive
regulatory program has been proposed or adopted, LDCs have proposed to enter the gas
futures market (Henken 1993; New Jersey Natural Gas Company 1993).

Other types of financial gas contracts are being written in addition to the exchange-traded
futures and options contracts. Because of the desire to mitigate price risks to a greater
degree than can be provided by the exchange-traded markets, LDCs and other gas buyers
consider entering into nonexchange-traded (also known as over-the-counter) financial gas
contracts. Over-the-counter gas financial contracts may be written more flexibly than
exchange-traded contracts; in particular, they can be written to address risks more than
18 months into the future. An example of an over-the-counter financial gas contract is
a multi-year forward options contract that allows a buyer to purchase of natural gas at
a market price that is capped at the buyer’s alternative fuel prices. The buyer may pay
some fixed payment in return for being indemnified if the market price of natural gas
rises above the alternative fuel price. Swaps may be considered as another example of
an over-the-counter contract; in them, two parties essentially trade part or all of the
financial obligations of their gas supply and/or capacity contracts. For example, a party
holding a gas purchase contract that is tied to the spot market may trade its pricing terms
with a party who holds a fixed-price contract. Usually, the risk-taking party will enter
the transaction in return for a premium p